Environmental Protection Agency

Comment I Purpose/Legal Authority, last paragraph, p.\W®e note that the Coyote Station
Permit to Construct is contained in Appendix A Appendix D. Please clarify.

Response: The reference will be clarified to indicate t@myote Permit to Construct is in
Appendix A.

Comment 2 Tables 6.3 and 6.4, pp. 41-42: The Ngnissions inventory for 2018 has been
changed from previous versions reviewed. Pleagdaexthis change. It appears the point
source number was revised downward to include pregeemissions reductions from the Coyote
Station. If so, we note that the Coyote PermiCtmstruct doesn’t require compliance with the
revised NQ limit until July 1, 2019. Therefore, it is not@ppriate to include the reduction in
the 2018 inventory.

Response: The installation of the separated overfire ailt e completed by July 1, 2018 or
earlier. Based on our experience with the M.R. {p&tation, the effects in reducing emissions
should be immediate. By the end of 2018, we belite NQ will be reduced to the level of the
Permit to Construct. Since we are indicating theductions that will be achieved by this SIP
revision, we believe it is appropriate to inclutle teductions from Coyote.

Comment 3 Exclusion of Montana Dakota Utilities HeskettitMdo. 2, p. 66-68:
(A) Table 7.2 — This table will need to be revisednclude updated $8percentile visibility
impact results based on approved modeling.

(B) We are in the process of reviewing MDU'’s Decemb7, 2009 revised modeling report.
EPA will provide additional comments on this issifiehe revised modeling fails to
address our concerns. See comment #21 below fier detail.

Response:

(A) Agreed

(B) No response necessary. It is the Departmamtderstanding that EPA agrees that
Heskett Unit 2 is exempt from BART.

Comment 4 Section 7.4.2, Department BART Determinations6®-77: The modeling to

determine if each BART-eligible source has a sigaift impact on visibility was performed by
NDDH using the CALPUFF model following EPA’s Intgeency Workgroup on Air Quality

Modeling (IWAQM) Phase 2 Summary Report and Reconda#gons for Modeling Long Range
Transport Impacts specified in the Guidelines f&xRE Determinations Under the Regional
Haze Rule, 40 CFR Part 51, Appendix Y. HoweverDDconducted an alternative cumulative
visibility modeling approach in the NBART determinations for M.R. Young and Leland Olds
because it believes single source modeling residtsl to be five to seven times larger” than
results when the same source is combined with thkkrosources in a cumulative analysis
(although for other pollutants that affect visityilr PM and S@ - it appears that the State used



the single source method contained in the BART €@linds). The basis for NDDH'’s belief is
that the perceived change in visibility from comdramn a single source is reduced when
background contributions from other sources arkided in the modeling.

EPA does not agree that the single source modelwigr the BART Guidelines overstates the
degree of visibility improvement from emission retlans at the source. The Clean Air Act
establishes a National goal of eliminating man-meidéility impairment from all mandatory
Class | Federal areas. Use of a clean backgrdumdnt considering other nearby sources) is
consistent with the ultimate goal of the programréach natural background conditions.
Moreover, the consistent use of a clean backgran®ART evaluations in North Dakota and
surrounding states will foster emission reductighat will speed achievement of natural
background conditions, and will ensure equity amstages in achieving this goal. The NDDH
has already modeled the "®®ercentile values using the BART Guidelines’ meltilogy for
evaluating visibility improvements from the varioasntrol options. These values need to be
used when weighing the visibility benefit factortihe NQ BART analyses.

In addition, North Dakota has noted elsewhere thatording to the Regional Haze Rule, the
focus of visibility improvement demonstrations lie t20% worst visibility days, not the cleanest
days.” This statement is contradicted by sevemavipions in the Regional Haze Rule that call
for assessment of both the most and least impdagd. Seeg.g., 40 CFR 51.308(d)(2), (f)(1),

and (g9)(3).

Response: The Clean Air Act in Section 169A(g)(2) state&in determining best available
retrofit technology the State (or the Administratordetermining emission limitations which
reflect such technology) shall take into considerathe costs of compliance, the energy and
nonair quality environmental impacts of complianeey existing pollution control technology in
use at the source, the remaining useful life ofgberce,and the degree of improvement in
visibility which may reasonably be anticipated to esult from the use of such technology
[emphasis added]. We believe the cumulative modegdrovides a much more accurate estimate
of the degree of improvement in visibility which ma reasonably be anticipated to result
from the useof SCR

The difference between cumulative and BART singlerse modeling results starts with the
logarithmic relationship between deciview and ligtinction, which is based on the proven
concept that an observer will detect visibility nbgas more easily in clean air than in dirty air.
Deciview is related to light extinction using thguation

dv = 10 x In(lx / 10)

where
dv = deciview
bex: = light extinction in units of inverse mega-metévim™)

In BART single-source modeling, the incremental awipof the subject source is based on a
background of natural visibility conditions onlyln cumulative modeling, as conducted by
WRAP, the incremental impact of the subject souscdased on a background of natural



visibility conditions plus the impact of a completeentory of all other source emissions which
affect visibility. Therefore, calculated delta-deew for the subject source for the cumulative
case will be lower than for the single-source case.

A simple hypothetical example can illustrate th&edence in single-source and cumulative
visibility modeling. Assume that a subject souiceontributing 5 Mrit to total light extinction
and that the natural visibility background is 20 MmUnder single-source modeling, delta-
deciview for the subject source would be calculated

delta-dv = [10 x In(25 / 10)] - [10 X In(20 / 133]9.16 — 6.93 = 2.23

WRAP and the NDDH have found that adding a competéssions inventory in the cumulative
modeling will typically result in a background mdfrean double the natural visibility conditions.
So to complete the example for the cumulative nmindetase, we assume a background of 50
Mm™ and the same subject source. Delta-deciviewh®stibject source would be calculated:

delta-dv = [10 X In(55 / 10)] — [10 x In(50 / 13}]17.05 — 16.09 = 0.96

Therefore, inclusion of the complete visibility-afting emissions inventory in the cumulative
modeling produces a smaller, but more realisticeoler-detected difference of 0.96 deciview
from the subject source. In fact, for this exampte cumulative modeling result falls below the
generally recognized observer-detectable thresbblabout 1.0 deciview. Thus, the example
illustrates that the impact of the subject soulocene against a clean background would be much
more noticeable to an observer than the impachefsame plume against the more realistic
dirtier background. And, obviously, any change visibility-affecting emissions from the
subject source would have a smaller impact on theewver under the cumulative modeling
scenario.

In the figure below, delta-deciview has been ptbtter several background deciview levels,
based on the subject source, above. The includekigbound levels range from a clean natural
background to a dirty background representing thrawtative effect of many visibility-affecting

sources. The plot includes the two points caledatbove. The plot illustrates the general
dependency of the observed visibility change (daé#teaview) on the background level, and the
fact that an observer’s perception of visibilityaclye can vary greatly depending on the
background deciview level. In fact, for this exdepghere is a factor of 6.6 difference in delta-
deciview for the cleanest background compared thighdirtiest background (3.15 / 0.48 = 6.56).
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To further illustrate the difference in single-soeiand cumulative visibility analyses, the NDDH
conducted additional modeling using actual sourdes. this illustration, the NDDH grouped the
BART-applicable Coal Creek, Leland Olds, and MilienYoung Generating Stations (in North
Dakota) as an effective single source. Singlee®and cumulative modeling analyses were
conducted to determine the incremental visibilityprovement at Theodore Roosevelt National
Park from the 3-source group, based on BART casitr@alpuff system versions 5.8, the new
IMPROVE equation, annual average natural backgrpand consistent annual emission rates
(for the three noted sources) were applied for lzothlyses. The 80percentile visibility day
from the single-source modeling results was usesihtolate the 20% worst day average from the
cumulative modeling results. (Given that the typidistribution of 20% worst day visibilities
tends to be skewed toward the high end, tH& @grcentile day may somewhat understate the
20% worst day average). Note that the post-BARTssions inventory for the cumulative
analysis included changes only to the three sousfesenced above.
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Results of the NDDH modeling analyses are summarinethe table below. The modeling

analyses discussed above are compared in thédostolumns of results.

90" Percentile Day

20% Worst Day | 90" Percentile Day|  Single-Source

Avg. Cumulative Single-Source Modeling Using

Modeling Modeling 2005 ND BART

Protocol

Baseline (dv) 16.954 6.552 5.583
Post-BART (dv) 16.493 5.641 3.288
Improvement (delta-dv) 0.461 0.911 2.295

As shown in the table, visibility improvement fraime addition of BART controls to the three
generating stations based on single-source modaiafpout twice that found from cumulative
modeling. These results are consistent with thpothetical example discussed above.

Also shown in the table are results of a third niodescenario, i.e., single-source modeling
based on the North Dakota BART modeling protoc@bansistent with EPA recommendations at
the time (2005), the North Dakota BART protocol @ped the use of Calpuff Version 5.7, the
old IMPROVE equation, and a natural backgroundergiihg cleanest days. In addition, the
protocol specified use of maximum 24-hour emissairs, per the BART Rule. As indicated in
the table, use of this protocol resulted in a mgadater “apparent” improvement in visibility,
about a five-fold increase in the result from themalative modeling. This illustration,
therefore, is another basis for the NDDH statenmetite SIP that BART single-source modeling
over predicts by a factor of 5to 7.

All BART modeling conducted by the NDDH and indysiwas based on the North Dakota
BART protocol. Given differences in the North D&&@BART protocol (compared to later
protocols), combined with the logarithmic naturetlod relationship between deciview and light
extinction, it becomes clear that BART single-seuntodeling could have greatly overstated the
more realistic results obtained from recent cunngatnodeling for North Dakota.

Note that use of the ND BART single source modelimgduces a visibility improvement at
Theodore Roosevelt National Park (2.295 dv) whichieves compliance with the uniform rate
of progress goal (2.3 dv as discussed in Sectioint®e North Dakota SIP). If one was to accept
the premise that these single-source modelingtseau realistic, it would logically follow that
North Dakota has met the uniform rate of progreased on BART controls for the three



modeled sources, and that the need to addressioaddlitnon-BART) visibility-affecting
emissions reductions in North Dakota is therefess lcompelling.

The 20% worst-day average metric from cumulativeleting and the 90 percentile day metric
from single-source modeling have been comparedhis illustration as they constitute a
comparable moment of the annual distribution ofydasibility predictions. Obviously, the 8
percentile day metric from single-source modelinguid provide an even greater exaggeration
of actual visibility change than the ®@ercentile, in the context of the 20% worst-dagrage
metric required to measure progress with respedastbility goals under the regional haze rule.

The Leland Olds Station and M.R. Young Station rawe subject to the BART Guideline (see
response to Comment 43.B regarding the M.R. Youtagid®). In the BART Guideline (40
CFR 51, Appendix Y, Section I.H) it states “For sms other than 750 MW power plants,
however, states retain the discretion to adoptcagmres that differ from the guidelines.” The
Department is exercising this discretion for theserces since the cost of SCR is very high on a
dollar per ton basis and on incremental cost baBerefore, the cumulative visibility modeling
results were weighted significantly in our decisimt to require SCR.

Comment 5 SO BART section, p. 71: The S@ART determination for Stanton Station Unit
1 may result in too high a limit when burning Powéver Basin (PRB) coal. Please see our
Comment #49 below for more detail.

Response: See response to Comment 49.

Comment & NOy BART section, p. 73: We do not agree that SNCisfsas the BART
requirements for Leland Olds Unit 2 and M.R. Yolhgjts 1 & 2. See our comments below on
the related BART determinations.

Response: See response to Comments 22-25, 27, 31-33.

Comment 7 Section 8.5.1, Hybrid Modeling System, pp. 95-9%he NDDH utilized a hybrid
modeling approach for determining the status ofCiass | areas with respect to the rate of
progress visibility goals. This approach involveesting a local NDDH CALPUFF modeling
domain within the WRAP National CMAQ domain, andpling the CALPUFF model in a
retrospective sense to more realistically definenf@d geometry for local point sources. The
hybrid modeling results were used in a weight atlence analysis to evaluate the effect of
emission sources located outsideNirth Dakota Please note that the last version of this
modeling protocol to be reviewed by EPA was a ddated April 2007i(e., we never received
the final October 2008 version for review). As ralilg science has improved, there have been
a number of technical changes in the CALPUFF madedystem and EPA/FLM recommended
default settings since NDDH proposed the CMAQ/CAIERUhybrid modeling approach in
2007. In the Reasonable Progress modeling, thech@ALPUFF/CAMx modeling results were
adjusted based on IMPROVE monitoring data, and ihat clear whether the use of these
obsolete settings affected the weight of evideneetofs or the Reasonable Progress
demonstration. The settings NDDH used in the CAEPUnodel within the hybrid modeling
system would not be considered technically sourdnftained in a regulatory modeling protocol



for a future project. However, in this instancedaes not appear to have made a difference since
North Dakota is not able to meet the uniform rdtprogress with either the WRAP analysis or
NDDH'’s hybrid modeling system.

Response: EPA was sent the final October 2008 versiorhefrmodeling protocol. The protocol
was sent by email from Steve Weber to Kevin GolderOctober 6, 2008 (see attached copy of
this email).

As discussed in Section 8.5.6, the NDDH ultimatgiplied its hybrid modeling system to adjust
or add value to WRAP CMAQ visibility modeling retylrather than as a stand-alone tool for
absolute visibility projections. The adjustmentssed on a correction where hybrid CMAQ-
CALPUFF model output is involved in both the nunteraand denominator of the correction
factor (fraction). Therefore, the effects of thBDH alternative CALMET/CALPUFF technical
settings (reflected in both numerator and denormamamodel output) would have largely
“cancelled out” when the correction factor was &apl In fact, had the CALMET/CALPUFF
technical settings been reset to be completelyistamg with EPA recommendations, it is not
likely the correction factor would have meaningfuthanged.

Comment & Section 8.6.1, Hybrid CMAQ-CALPUFF Performanceakiation, p. 132, 5
paragraph, %t sentence: Model performance was tested for tiep@€centile days. In addition,
NDDH needs to compare performance on th& p8rcentile day consistent with the BART
metric.

Response. Section 8.6.1 has been revised to include hybratiel performance for the 98
percentile day.

Comment 9 Section 8.6.2.3, Apportionment by Source Gromp, 146-153: We note that
focus was on North Dakota EGUs and boundary candgroups due to their relatively “small”
and “large” contributions, respectively. Since NBDeeds to be looking at what is within its
control, North Dakota EGUs become the largest dautiors. We also note that North Dakota’s
NOj3 percent contribution in 2018 actually increaseE\W&fA (Table 8.16, p. 152), so it appears
that there may be additional NQources within North Dakota’s control that candadgressed.
This increase may be related to increased oil asddgvelopment in the area.

Response: As we noted in the SIP, we believe WRAP has estimated the increase in NO
emissions from oil and gas production activity irorth Dakota. Although the percent
contribution for the North Dakota sources increase&018, the actual contribution (pugjmand

the total contribution of all sources decrease2@8. The only area which increases the actual
contribution to nitrates (pug/fnin LWA is Canada (see WRAP TSS).

Comment 10 Section 8.6.2.5, Conclusions, pp. 156-157: NDEBdhcludes that while the
addition of proposed BART controls will substar{iaflecrease the visibility impact of North
Dakota EGUs, these EGUs comprise only a small compioof total 20% worst day impacts at
TRNP and LWA. The text needs to also note thainduperiods when EGU emissions are
transported into the Class | areas, the proposeRTBAeductions will significantly improve



visibility. This can be demonstrated by referegcihe peak day and 8&ercentile CALPUFF
results for each EGU.

Response: Even though modeling demonstrated that NorthddalEGUs comprise only a small
component of general 20% worst-day average impacTRNP and LWA, the NDDH
acknowledges that BART reductions from these EGkis\ resulted in substantial visibility
improvement on certain worst days with favorabldenmlogy. Language has been added to
the conclusions in Section 8.6.2.5 to facilitate tcknowledgement.

Comment 11 Section 9.5.1, Step 1, pp. 177-181: We havers¢\comments related to this
section. First, please note that the Q/D appro@es not work for sources like Oil & Gas where
the emissions are spread out over large areaguputlatively the emissions and impacts from
these sources can be significant. In addition,ndweative needs to acknowledge the potential
impact of primary PM if emissions are large. Neptease note that the reference to the BART
Guidelines under the Q/D discussion is not nec#gsapplicable for Reasonable Progress
purposes. Lastly, it appears that Heskett Stdiiom 2 was omitted from the sources reviewed
in Table 9.4. Please clarify.

Response: The Q/D analysis can work for certain oil and dacilities such as compressor
stations or natural gas processing plants. Weeagreould not work well for oil production or
development facilities. This has been added t¢i&@e6.5.5.

With regard to oil and gas production and develapneenissions of particulate matter, both the
Department and WRAP agree that emissions will bg small. The only emissions that are not
covered in other source categories would be fugitemissions from road and well pad
construction. These emissions are short duratofe days or less) and are subject to the
fugitive dust control requirements in NDAC 33-15-1A&s can be seen from Table 6.1 and 6.3,
road dust emissions, which includes emissions &ssocwith oil and oil development and
production, are not expected to increase from 2@82s. We do not anticipate any significant
increase in visibility degradation due to PM enussifrom oil and gas production activities.

Regarding the Q/D discussion for exemption from BARve believe this is highly relevant.

When the visibility impact of a source is so smialtan be exempted from BART, additional
controls under reasonable progress are likely mdiet cost effective on a dollar per deciview
basis.

Heskett Unit 2 will be added to Table 9.4.

Comment 12 Section 9.5.1, Table 9.8, p. 184:

(A)  As noted in our August 12, 2009 preliminary cosnts on the WRAP’s May 18, 2009
Draft Supplementary Information for Four-Factor Analyses for Selected Individual
Facilities in North Dakota, the reliance on a 1982 NSPS analysis for ClausuSul
Recovery Units raises questions regarding why nedata could not be utilized.
Advancements in energy efficient technology and h@asfer media may affect tail gas
treatment unit operational needs. Current datalldhbe available and may indicate



(B)

(©)

(D)

lower energy and steam usage. Please verify leaetconcerns with the WRAP report
were not carried over into the North Dakota SIP.

There appear to be numerous,NfOntrols available at costs similar to, or lesntithose
selected under BART, raising the question of whytefape Valley and Coyote Station
warranted a decision by NDDH that N€ontrols carry excessive costs. Since NDDH
has already determined BART controls - similarite tontrol options analyzed for the
Reasonable Progress units - to be cost effectide@provide visibility improvement, it
is unclear how similar controls on the EGUs at Aoyie Valley and Coyote Station
would not be justified.

Some average cost effectiveness figures arerléav control options that provide greater
reductions,e.g., Low NOs Burners (LNB)+SNCR at Antelope Valley Units 1 &aad
Low-Emission Combustion (LEC) Retrofit at Tioga Gd&dant's five 1920 hp
reciprocating engines. The clear advantage of etheptions warrants further
consideration by NDDH.

The estimated cost effectiveness of controlomyst for Tioga Gas Plant’s rebuilt engines
(2350 hp) appears to be inaccurate since reductwasunderestimated for add-on
controls. Despite emission reductions achievedndurebuild, the percent control
efficiency should not differ that much from engingt are not currently operating at
peak performance. It appears that NDDH relied e WRAP’s May 18, 2009 Draft
Supplementary Information for Four-Factor Analyses for Selected Individual Facilitiesin
North Dakota, which assumed that “air-to-fuel ratio adjustmenignition timing
retarding, and LEC retrofit would not achieve feithemission reductions since the
estimated emission reductions for these measuredeas than the reductions which
appear to have already been achieved.” Howeverllove reductions should have been
assumed on top of reductions which appear to haea lachieved through rebuild. In
addition, the WRAP report indicates that SCR reduemissions from reciprocating
engines by 90%; therefore, NDDH needs to explanuge of 80% for the 1920 hp
engines and 50% for the 2350 hp engines. Usingnappropriately low control
efficiency will result in a biased high cost effi@enhess of a control option.

Response:

(A)

(B)

EPA has provided no evidence to support thigint that advancements have been made
in energy efficiency and heat transfer media. Ni@DH believes the cost estimate
represents a reasonable representation of thetadhil gas clean up unit. Any savings
in energy, including steam, will have a minor imipae the annualized costs. We believe
the estimate is within the30% range of accuracy of the EPA Air Pollution GohCost
Manual recommended by EPA.

In the BART determinations, visibility impacigere given very little weight for SGand
NOy because of the inaccuracy of the BART single smunodeling unless the control
option had a high cost effectiveness or incrementat. If cost effectiveness or
incremental cost was high, we considered the cumal&ype modeling. Had visibility
impacts been weighed more heavily, some of theerted selected BART technologies



would not have been chosen. In evaluating reasemabgress, we evaluated the cost on
a dollar per ton basis and the amount of visibilibprovement (as you have correctly
pointed out that the Department can consider). Afdelope Valley Station, all controls
will improve visibility in the most impaired daysyt0.01 deciviews or less. For the
Coyote Station, the improvement is 0.04 deciviewkess and for the Tioga Gas Plant it
is 0.05 deciviews or less. The maximum improvenfentthese facilities combined is
0.11 deciviews at LWA and 0.03 deciviews at TRNPRrdyuthe most impaired days. To
achieve this minute amount of improvement wouldunegan annual cost of 68 million
dollars. The Department has concluded that th@tramount of visibility improvement
does not warrant such costs. As pointed out in 3H&, other control options will
improve visibility on the most impaired days evesd.

(C) The Department did evaluate LNB+SNCR at theefope Valley Station and LEC
Retrofit at the Tioga Gas Plant (see Tables 9.8 @8). The cost on a dollar per
deciview basis and the trivial amount of visibilitynprovement does not warrant
requiring these controls.

(D) In establishing a baseline for calculating tiest effectiveness of a control option, we
used the emissions for the 2350 Hp engines afésritrere refurbished since it represents
current normal operations for these engines andipated future emissions. You cannot
ignore money that has been spent to reduce emsssiefore the reasonable progress
analysis began or was ever envisioned. To do sddyarovide an artificially low cost
for additional reductions and is contrary to thethmdology for making BART and
BACT determinations.

The WRAP Report dated May 18, 2009 lists an efficyeof 80-90% in Table 4-1 for the

1920 Hp engines. Table 4-2 lists an efficienc@¥%. The NDDH has determined that
80% is more reasonable for emission limits that tmaslude startup, shutdown and
malfunctions. For the 2350 Hp engines, the WRAPBdRElists a range of 33-67% (see
Table 4-2). The NDDH determined the middle of thage was appropriate for these
engines that are emitting 70% less,Nfan the engines that were not refurbished.

Comment 13 Section 9.5.1, Step 3, p. 183-185: Visibilitggrovement is not one of the four
Reasonable Progress statutory factors (cost of kamee, time necessary for compliance,
energy/non-air quality environmental impacts of ptiance, and remaining useful life of any
potentially affected sources), but the State hasfltxibility to consider it in decision-making.
The State selected a number of emission units @ienpial Reasonable Progress controls;
however, as shown in Table 9.9, NDDH may have elatad these from consideration due to a
perceived small visibility improvement attributed teach control measure. The cost
effectiveness ($/ton) for reducing emissions at uanlmer of the sources considered for
Reasonable Progress controls is similar to the edfgctiveness that NDDH considered
appropriate for control at the BART sources. Thuis reasonable to consider controlling these
sources as well. The relatively low visibility kit for controlling an individual unit should not
be a major factor to consider when selecting RestslenProgress measures; given the ultimate
purpose of the Regional Haze program, cumulatifecef across sources need to be considered.
In addition, since NDDH has chosen to rely heawityvisibility improvement for its decisions
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on Reasonable Progress controls, we consider iort@pt to include the 98percentile day
results in addition to the 20% worst days resulls. our view, since the $8percentile day
results are used in determining BART, and NDDH ¢fassen to rely on visibility improvement
in determining Reasonable Progress controls, itamaense to include the™@ercentile day
results under Reasonable Progress to suppleme0¥%evorst days results.

Response: The purpose of the Regional Haze program isnfrove visibility. The Department
considers this purpose in its decision making peceEPA, in this comment, acknowledges that
a state has the right to consider the amount dilrig improvement. Because of the purpose of
the rule, visibility improvement has weighed hegvih our determinations on reasonable
progress. (See our discussion in the responsemmn@nt 12B on how visibility was weighed
for the BART determinations.)

In 40 CFR 51.308(d) it states “The reasonable m®gygoals must provide for an improvement
in visibility for the most impaired days over therfpd of the implementation plan and ensure no
degradation in visibility for the least impairedydaover the same period.” 40 CFR 51.301 states
“most impaired days means the average visibilitpammment (measured in deciviews) for the
twenty percent of monitored days in a calendar yedin the highest amount of visibility
impairment.” Least impaired days means the avenagmility impairment (measured in
deciviews) for the twenty percent of monitored damya calendar year with the lowest amount of
visibility impairment. Because of the reasonabtegpess requirements and the regulatory
definitions, we believe $8percentile values for visibility improvement arappropriate.

The maximum amount of improvement that would beeaad by the top controls listed in Table
9.9is:

Source TRNP LWA*
AVS (each unit) 0.028% 0.051%
Coyote Station 0.112% 0.205%
Tioga Gas Plant 0% 0.255%
* Calculated from the baseline visibility conditsn

If the top technologies from Table 9.9 are assessmdulatively, the improvement would be

0.169% at TRNP and 0.561% at LWA. The Departmensitiered this amount of improvement

to be inconsequential. The other technologiesuawatl would provide even less improvement.
The capital cost to provide this much improvemengstimated at 243 million dollars with an

annualized cost of over 68 million dollars. Thestceffectiveness is over 618 million dollars per
deciview at LWA and 2.3 billion dollars per decwieat TRNP. EPA’s Guidance for Setting

Reasonable Progress Goals Under the Regional Hagealmh (June 1, 2007) states “Therefore,
in assessing additional emissions reduction stiedef@r source categories or individual, large
scale sources, a simple cost effectiveness essmateed on a dollar-per-ton calculation may not
be as meaningful as a dollar-per-deciview calcoihati .” It appears EPA is ignoring its own

guidance by dwelling on the dollar-per-ton costeefiveness and ignoring the dollar-per-

deciview cost effectiveness. We stand by our datisot to require additional controls.
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Comment 14 Section 9.5.1, Time Necessary for Compliance,8n: As noted in our August
12, 2009 preliminary comments on the WRAP’s May 28)9 DraftSupplementary Information

for Four-Factor Analyses for Selected Individual Facilities in North Dakota, this timeline for
compliance seems to be overestimated and/or doagsrdunt for steps that can be completed in
parallel. In addition, the time necessary for cbamze should not include time to develop
regulations. If new regulations are necessaryh segulations need to be submitted with the
forthcoming SIP. The WRAP report indicated thab tyears may be needed to develop the rules
to implement Reasonable Progress strategies. Jthtement implies that the State lacks
authority to develop and submit a SIP to addresss&®able Progress and Long-Term Strategy
requirements, including relevant Reasonable Pregresasures. Please verify that these
concerns with the WRAP report were not carried ovtr the North Dakota SIP.

Response: The Department has stated that up to 6% yearddwme needed to implement any
additional controls. In the case of the Coyotdi&@tait may be longer depending on when that
portion of the SIP is approved. The Departmenielek it can issue Permits to Construct for the
Coyote Station and Heskett Station that containireqents to reduce emissions. However, we
believe the full-time frame listed in the EC/R refgs reasonable.

Comment 15 Section 9.5.1, Reasonable Progress Goals — RelgGontrols for Point Sources,
p. 186-187: Again for comparison, since NDDH hagsg to rely on visibility improvement in
determining Reasonable Progress controls, it iscgpiate to also provide and consider th& 98
percentile day results in aggregate. In additgimen that the cost effectiveness ($/ton) for
reducing emissions at a number of the sources deresi for Reasonable Progress controls is
similar to, or less than, the cost effectivenesd tWDDH considered appropriate for control at
the BART sources, it is unclear why some additioRaksonable Progress controls are not
warranted in the current planning period.

Response: See responses to Comments 12B and 13.

Comment 168 Section 9.5.4, Coyote Station, p. 189: It appélaat NDDH believes at least this
minimal level of control is reasonable now. As fsugvhy isn't it included as a required
Reasonable Progress control in the SIP? Furthby, & the related Permit to Construct
contained in Appendix A, BART Modeling ProtocolsdafAnalyses? Finally, this “agreement”
must not preclude NDDH's re-evaluation of this s@uin future planning periods.

Response: The Department determined under the Reasonatigrdds Analysis that no
additional controls were required at the Coyotei&@ta Although no additional controls are
required by rule or law, we have reached an agreemeh the owners of the plant to reduce
NOx emissions even though no visibility improvement e realized. To avoid any precedent
for other sources under the Reasonable Progressmndhe Coyote discussion is not included
under the Point Sources Section (Section 9.5.1)e discussion regarding the Coyote Station
has been relocated to Section 10.6.1, Emissionsid®eds Due to Ongoing Air Pollution
Control Programs.
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Comment 17 Section 9.6, Visibility Modeling and Weight Bvidence, p. 191-193:

The statement that implementing additional contabl&ntelope Valley Station, Coyote Station,
and Tioga Gas Plant “will not significantly affectirrent visibility conditions or the amount of
time necessary to achieve natural conditions” -misleading. Visibility improvement in
aggregate should result in more progress. Thasee®are within NDDH’s control (as opposed
to the Canadian sources) and are cost effectigeritrol. We understand that NDDH is not able
to meet the uniform rate of progress in this plagrperiod, but this does not justify the lack of
Reasonable Progress controls on these sources.

Response: We strongly disagree with your assertion thatgtatement that additional controls at
the Antelope Valley, Coyote Station and Tioga GesP‘will not significantly affect current
conditions or the amount of time necessary to aehieatural conditions” — is misleading. As
pointed out in the response to Comment 13, appicadf the most efficient cost effective
($/ton) controls will only produce a 0.169% imprawent in visibility during the most impaired
days at TRNP and 0.561% at LWA. The amount of timachieve natural conditions would
decrease from 156 years to 151 years at TRNP amad 232 years to 201 years at LWA. We
stand by our statement.

As for requiring controls, see the Response to Cems12B and 13 and our Reasonable
Progress analysis with the SIP.

Comment 18 Table 9.14, Reasonable Progress Goals, p. T8&: addition of the goals based
on WRAP’s modeling approach is useful; howeverifitation should be provided as to which
goals are being established by NDDH.

Response: The SIP has been revised to indicate the Reaboiraiogress goals are based on the
Department’s modeling.

Comment 19 Section 10.6.5, Smoke Management TechniquesAfpiculture and Forest
Management, pp. 204-205: A statement needs taltbedathat NDDH will re-evaluate potential
emissions reductions on sources within North Ddkatantrol in future planning periods.

Response: Agreed

Comment 20 Section 11.6, Rules for Non-BART Point and A&aurces, p. 213: Although

NDDH has determined that it is not reasonable totrob these sources during the current
planning period, this section implies that NDDHKa&uthority to develop and submit a SIP to
address Reasonable Progress and Long-term Strategyirements, including relevant

Reasonable Progress measures. It is not appm®poiatse this lack of authority as justification
for elimination of Reasonable Progress controlsthe current planning period nor is a
commitment of this nature acceptable to addressnements.

Response: The Department has not used the lack of claeigarding implementation of controls
on non-BART sources as a reason for not requiriogtrol. The reasons for not requiring
control are based on the four statutory factore @ection 9.5.1 of the SIP and our response to
Comments 12B and 13). Since our analysis of the $&batutory factors indicated additional
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controls were not reasonable, we had no reasdatiéycour authority for these controls. Before
the next review period, the NDDH'’s authority wik [olarified.

Comment 21 Appendix A.2.2, AECOM’s August 12, 2009 RespotseConcerns Regarding
BART Exemption Modeling for Heskett Unit 2:

(A)

(B)

NDDH’s 2006 CALPUFF BART exemption modeling indted that baseline emission
impacts would result in a visibility impact of 0.82civiews (dv) at TRNP and 0.58 at
LWA. Predicted visibility impairment exceeding (% would make the facility subject-
to-BART. MDU then contracted with ENSR to makeimements to the State’s analysis
that included reducing the grid size from 3 km thni and a number of other settings in
the model that are not consistent with current Efefaults settings for the CALFUFF
model. To address this issue, in November 2009 NDBEPA, MDU, and the FLMS
negotiated a modeling protocol that involved reragrihe model for BART applicability
using the current EPA default model settings. MBadently completed the revised
modeling and provided the results in a DecembeR@@9 report. The results show that
the facility is exempt from the BART requirementSPA has obtained and is reviewing
the modeling files to verify these results. Givérat this updated modeling was
completed after the start of the current public s@nt period on the Regional Haze SIP,
EPA will provide additional comments on this issfighe revised modeling fails to
address our concerns. Please note that NDDH edtrto revise the SIP to include the
revised modeling and your related conclusions. Ewesion will need to follow North
Dakota'’s public participation process for SIP revns.

We also note an inaccurate reference in AppeAd2.2 stating that EPA accepted Rapid
Update Cycle (RUC) prognostic meteorological datause in NDDH’s S@ Periodic
Increment Review. EPA has not taken action to @mMNDDH’s Periodic Increment
Review.

Response:

(A)

(B)

The Department believes MDU Heskett Unit 2 xempt from the BART requirements
and apparently EPA now agrees with that deternunatiThe source will be reviewed
under the Reasonable Progress requirements. Aal i@view of this source indicates a
95% reduction in S@(wet scrubber) and a 40% reduction in,NONCR) will produce a

visibility improvement of only 0.009 deciviews aRINP and 0.003 deciviews at LWA
during the most impaired days. It is unlikely thay additional controls will be required.

We acknowledge that final action has not bedem.

Comment 22 Appendix B.5, BART SCR Technical Feasibility Aysis for North Dakota
Lignite:

(A)

While we agree with your determination that Ldust SCR and Tail-End SCR are
technically feasible, we do not agree with all lo¢ technical aspects or conclusions of
the analysis, especially as they relate to HightB@&R. As you know, we have done a
thorough review of the technical feasibility an&yssubmitted by Minnkota for Units 1
and 2 at Milton R. Young Station and NDDH’s prelvary BACT determination
published for public notice on June 11, 2008. @omments and supplemental

14



(B)

information were provided in previous letters froBPA Region 8's Office of
Enforcement, Compliance, and Environmental Justiwehe North Dakota Department
of Health, Division of Air Quality. Our letters provided substantial information and
evidence that all SCR technology, including HighsD8CR, is technically feasible at
facilities burning North Dakota lignite, and we ¢tiome to stand by those comments.

Please see p. 8 of the Institute of Clean AmPanies (ICAC) May 2009 White Paper
on SCR Control of NQ Emissions from Fossil Fuel-Fired Electric Powerrf,
contained in Enclosure 3 for your use. This paoleiresses feasibility of SCR on lignite-
fired boilers and, while noting “[llignite from dd#rent mines has some common
characteristics but also differs in some significarays,” states that “[wl]ith proper
design, lignite applications can be successfulltie TCAC paper addresses the technical
issue of high sodium in lignite and states thghgse poisons are not an issue as long as
the catalyst stays above dew point conditions.”

Response:

(A)

(B)

We stand by our response that HDSCR is notrieclly feasible for North Dakota
lignite. The preponderance of the evidence indediDSCR cannot be successfully
operated on North Dakota lignite and is, therefao#,technically feasible.

This White Paper was developed by companies dha in the business of selling air
pollution control technology. Therefore, theirtstaents must be evaluated carefully and
proper consideration given to the source. The ¥VRdper states “These poisons [Na/K]
are not an issue as long as the catalyst stayseatbew point conditions.” This is in
direct contrast to Zheng, et. al., (2008) that tbtimat the submicron Na and K aerosols
migrate into the catalyst pores by diffusion, md&ely surface diffusion, with
temperatures above the dew point. Zheng, effoaind rapid catalyst deactivation under
normal operation conditions. This statement i dls conflict to experience with
biomass boilers. Under normal operating conditiires above the dew point) rapid
catalyst deactivation has been found. Most, ifalhtbiomass boilers are now equipped
with tail-end SCR (e.g. Amager Station). CeramMimnkota’'s response to questions
about the SCR cost estimate (2/11/10), states ‘{Saeabsol particles can penetrate and
neutralize active catalyst sites even in dry coods.” Ceram also stated “Catalyst
installed in even low dust and tail-end locations poisoned from the exposure to the
flue gas” and “moreover, the high levels of phospBpsodium and potassium found in
the mineral analysis will increase deactivatiorsdt It is also in direct conflict with the
Minnkota efforts to secure a catalyst guaranteeafdail-end or low-dust SCR. Two
companies, Ceram and Haldor Topsoe, refused to gifif@rantees without previous pilot-
scale testing.

The White Paper does not state which type of SGBRSCR, LDSCR, or TESCR) will
be successful with proper design. The Departmastdetermined that only LDSCR and
TESCR will be successful. The Department’s opiniaaly not be in conflict with the
White Paper; the White Paper is just not specifiough for any determination to be
made.
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Comment 23 Appendix C.1, Leland Olds SCR Cost Estimate: Ndge numerous concerns
with the May 2009 Leland Olds BART Update, Tail-Eklective Catalytic Reduction
(TESCR) Cost Effectiveness Evaluation, as prephye8argent & Lundy for Basin Electric and
utilized by NDDH in its BART determinations for lald Olds. In summary, several
unsubstantiated and likely inappropriate assumptionpact the cost effectiveness numbers
relied upon by NDDH to eliminate SCR in its BARTteleninations for Leland Olds Units 1 &
2. These assumptions result in calculated costIEHSCR that are biased high. If a more
reasonable set of assumptions are incorporatedhgaanalysis, it will likely show SCR to be
cost effective on the cyclone unit (Leland Oldst®); and it may also be cost effective for the
wall-fired unit (Leland Olds Unit 1). Please seg detailed comments in Enclosure 2.

Response: For making cost estimates for control technologyiew, the BART Guideline
recommends the EPA Air Pollution Control Cost Mdn(&PA/452/13-02-001). However, the
manual cannot be used for determining the coste8JR (Section 2.4 for Selective Catalytic
Reduction). Although the Control Cost Manual canpe used for TESCR, it does provide a
statement on the accuracy of the cost estimatesrgtea by the manual. Chapter 2, Section 2.2
states “As mentioned in Chapter 1.1, the costsemtidnating methodology in this Manual are
directed toward the “Study” estimate with a nominaturacy of 830% percent.” We believe
Basin Electric’s estimate is withir38%. With the respect to the specific comments:

(A)  Steam for reheat.

Basin Electric has indicated that using steam rieleat in North Dakota winters
represents unique challenges that would greathease operation and maintenance costs
and downtime. A steam reheat system would habe tdesigned for -40°F temperatures
plus the operator must have the capability to serthie system in the harsh conditions of
a North Dakota winter. As indicated by Minnkotheir previous experience with the
reheat of the flue gas from Unit 2 using steam m@tspositive and was abandoned. The
Department believes this experience is directlyliapbple to Leland Olds Station.

There is no indication that the units at Leland<dre turbine limited. Therefore, using
steam could have an electrical penalty for thesuniEor Unit 2, this could amount to
nearly 5 million dollars per year.

(B)  Engineering calculations should be able to mteva reasonable estimation of the cost
within an accuracy of +/-5%.

This statement is contrary to the BART Guidelineacihrecommends using the Control
Cost Manual which has an accuracy 80%. Perry’s Chemical Engineer's Handbook
describes five levels of cost estimates 1) Orddviagnitude, 2) Study with an accuracy
of +30%, 3) Preliminary with an accuracy o02(%, 4) Definitive with an accuracy of
+10%, and 5) Detailed with an accuracy &% Detailed cost estimates require final
drawings, specifications and site surveys. In otdeachieve a 3% accuracy, detailed
engineering analyses including plans and spedibicatfor the SCR system will have to
be prepared. The BART Guideline does not reqtiielevel of detalil.
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(©)

(D)

(E)

The operating life of TESCR catalyst can beeeted to be in the range of 50,000 hours.

Minnkota was unable to secure any guarantee folith of a TESCR catalyst. EPA’s
expected catalyst life appears inconsistent withleast two catalyst/SCR vendors.
Without pilot scale testing, no definitive statermesgarding catalyst life can be made.

Only when the catalyst in the TESCR is beingled down to below the water dew point,
such poisoning will occur.

See response to Comment 22. In Haldor Topsogxrpantitled “The Influence of
Biomass Burning in the Design of an SCR Installd@tithey indicate that the tail-end
installation after a wet FGD will only minimizée amount of poisoning species entering
the SCR. To counter this poisoning, Haldor Topssed four counter measures to
minimize risk. These included a “bio-optimized” catalysthwa high vanadium content
and a high number of active sites to make the ystté¢ss susceptible to poisoning by
alkali metals. All of this indicates that poisoginf TESCR catalyst is a real concern
especially with organically associated sodium aoiggsium.

EPA claims that the wet scrubber will mostly albstire sodium and potassium aerosols
in the acidic scrubber slurry. This statemennisaonflict with data from Markowski et.
al. (1983). Markowski's data indicates the wetubbtrer at M.R. Young Unit 2 does not
remove the submicron sodium and potassium aerogws cause SCR catalyst
deactivation. The data actually suggests an iser@a submicron aerosols. Based on
this data, the Department believes a wet scrubier is designed for sulfur dioxide
control will have little effect on the sodium andt@ssium submicron aerosols. However,
the Department agrees that the sodium and potasaamsol concentration entering
either a LDSCR or TESCR will be sufficiently low @&tlow successful operation.

The Leland Olds LDSCR and TESCR systems wowdsimilar to the M.R. Young
systems. Minnkota, in their detailed response uestjions by the NDDH and EPA
(2/11/10), has responded to this same issue. Tk @ocess consultant for Minnkota
calculated a temperature gradient of 43-45°F. Tawlyst vendor recommended a
design up to 600°F. Based on 50°F temperatureigadnd a heat input of 5120 x°10
Btu/hr for Unit 2, Basin Electric has estimatedttheheating the flue gas will consume
approximately 115 x ToBtu/hr. Minnkota has estimated, based on a teatper
gradient of 43°F and a heat input of 4885 X Bfu/hr, that 96.2 x 10Btu/hr will be
required to reheat the flue gas for Unit 2. Th#edénce is attributable to the 7°F
temperature gradient difference and the differandeeat input to each unit. Since final
design specifications are not required for thisneetie (130% accuracy required), Basin
Electric’'s estimate of a 50°F temperature gradend a flue gas temperature of 600°F
are reasonable.

EPA claims that the only relevant information fropilot testing would be the catalyst

deactivation rate. The Department believes piatestesting will also help optimize the catalyst
volume that is required; the catalyst surface aespired, the required reagent injection rate,
expected reagent slip, whether a wet ESP is redjfireammonium bisulfate and/or ammonium
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sulfate emissions and an appropriate catalyst exaanice plan. All of these issues will affect the
annualized cost. However, the NDDH believes thet aif LDSCR and TESCR can be
estimated, without pilot testing, to within3& which is equivalent to the accuracy of EPA’s
Control Equipment Cost Manual which is recommeniolethe BART Guideline.

EPA has indicated that two weeks is too much timeeplace the catalyst. EPA has suggested
that five days would be more appropriate. AssunB8ntayers of catalyst, each layer would
contain 177 mof catalyst or approximately 85 modules. Schirmeral. in the paper In-Situ
SCR Catalyst Replacement indicated it took 9 dayseplace 90 modules at the TVA Allen
Fossil Plant not including cool down and vacuumirighe reactar Cool down of the reactor
and vacuuming is expected to take 3-4 days. Imtiaddreheating of the SCR prior to startup
will take another 1-2 days. Based on this data,NIDDH believes the S&L estimate of two
weeks to replace the catalyst is reasonable.

EPA has questioned the catalyst replacement salhedBasin Electric has estimated the cost
based on a six-month and 12-month replacement sthed’he NDDH believes LDSCR and
TESCR will have a replacement schedule that isaistybgreater than 12 months (10,000 hours
equals 13.7 months). Although 12 months is shglass than the 10,000 hours the Department
suggested was necessary for technical feasibiity,one knows the actual deactivation rate
without pilot scale testing. Because of the latkendor guarantees, a replacement schedule of
12 months appears reasonable. A replacement deheidii3.7 months would decrease the cost
effectiveness by approximately $52 per ton or 1.0.4%. The Department considers this
insignificant. The Department has determined thatcost is excessive at both the low end and
high end. The Department also considered the anafuvisibility improvement in the BART
determination. The amount of improvement betwe€R &nd the next most efficient option is
negligible.

Specific issues include:
(A)  The catalyst volume of 530%seems high.

Minnkota has projected a total initial catalystune of 768 m for M.R. Young Unit 2
(256 nt per layer and 3 layers). M.R. Young Unit 2 isethiat 477 MWe and Leland
Olds 2 is rated at 440 MWe. The M.R. Young Undeaign volume was provided by a
vendor. The DOI, in their consultation commentsineated that 645 tnof catalyst
would be required for Leland Olds Unit 2 basedlmn EPA’s Air Pollution Control Cost
Manual.  Given the Minnkota catalyst volume estamahe DOI estimate and the
uncertainties regarding the catalyst deactivataig,rthe catalyst volume appears to be on
the low side and therefore acceptable for the eststate.

(B) The selected NCEfficiency of 85% appears low — see response tor@ent 25.
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(©)

(D)

(E)

(F)

(G)

(H)

A capacity factor of 92.3% is erroneous sirces ibased on catalyst replacement every
six months.

From 2000-2008 Leland Olds Unit 2 had a capaa@ttdr of 87.4% based on hours of
operation. Catalyst maintenance will decrease dh@lability. Using a capacity factor
of greater than 92.3% does not appear to be rebksobased on the operating history.

The price of $7,500 per cubic meter appearh.hig

This is the same cost provided for the M.R. Yo&tation which the NDDH understands
is based on a vendor quote plus shipping, handiimg) taxes. It appears the cost is
reasonable.

The power cost of five cents per kilowatt appdagh.

The Energy Information Administration (EIA) rep®rthat the average retail price of
electricity in North Dakota is 6.89 center per Whtit. They also report that the average
wholesale price of electricity in the MRO (formeAPP) area was 4.86 cents per
kilowatt hour which is the lowest in the countryq8 cents/kilowatt hour average for the
U.S.). The S&L estimate of five cents per kilowadur appears reasonable.

Natural gas prices are currently between $85tdMBtu rather than $8 to $12 MMBtu
(inferred that cost of natural gas is too high).

Wellhead natural gas prices have been as muchl48vi§IBtu in the recent past.
Projecting natural gas prices must take into accthenU.S. economy, new legislation or
rules for the control of greenhouse gases incluthiegsurge in demand for natural gas as
a substitute for other fossil fuels to reduce GH@yket price speculation, the ability of
supply to keep up with demand and inflationary puess. The Energy Information
Administration (EIA) has predicted that the comnmrprice will range from $10.65 -
$12.12 per MMBtu from 2011-2030 (calculated as 2@68ars). The NDDH believes
$8 - $12/MMBtu is a reasonable estimate of averageral gas prices over the life of the
SCR system given the many factors that can inflag¢he cost.

Ammonia costs are currently more in the ranigg3®0-400 per ton rather than $450-700
per ton.

Ammonia costs are directly related to the costmafural gas since most anhydrous
ammonia is produced from natural gas. Based oiNIDBH’s expectation that natural
gas prices will increase, the range of ammonia ab$450 - $700 per ton is reasonable.

EPA notes that SCR retrofits in the U.S. ardl welow the $/kw price range calculated
by S&L.

EPA provided no details to support this claim. eTHDDH notes that Basin Electric’s
estimate is for TESCR; most SCR installations iea thS. are HDSCR which have a
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much lower cost. ERG has noted in their reviewhef PGE Boardman BART analysis
that the cost of SCR has escalated rapidly sinbd.2ERG found actual costs exceeding
$267/kw for HDSCR (2007 dollars). For the BoardnRdant, ERG’s estimate was $206
- $267/kw. The Black and Veatch estimate was 3809/S&L has used $376-$387/kw
for TESCR which includes a reheat system and gams$cheat exchangers not associated
with HDSCR. The NDDH believes the capital costireate is reasonable given the
uncertainties such as the design volume of theaeac

Comment 24 Appendix C.4, November 2009 Minnkota Supplemeht@, BACT Analysis
Reports for Units 1 & 2: In response to Minnkot8igpplemental BACT Reports, NDDH sent a
November 25, 2009, letter to Minnkota citing a laxkdetailed and comprehensive cost data
documentation in the Supplemental BACT Reports thedfailure to address the use of main
boiler steam for flue gas reheat. NDDH requested this information be submitted, as well as
a demonstration that the cost of N@moval for SCR is disproportionately high complaie the
cost of NQ control in other recent Best Available Control fieclogy (BACT) determinations
for coal-fired power plants. EPA has reviewed 8wpplemental BACT Reports and wholly
supports the statements in NDDH’s November 25, 26@6r. Given the fact that you are not
satisfied with Minnkota’s analysis and have reqeé@stdditional supplemental information, it is
not appropriate to rely on this cost analysis i@ BART context at this time. EPA has also
identified additional problems and concerns wite Bupplemental BACT Reports which must
be addressed for BART purposes as well, in accoslamth the requirements of 40 CFR
51.308(e)(1). (SIP must include documentatiorBFART analyses.) These additional problems
and concerns are summarized as follows:

(A) The additionaloutage time estimated in the Supplemental BACToRspfor catalyst
cleaning/replacement seems very high and is nopastgd. Considering there are
regular planned outages for both units, these tistesuld be attributed to catalyst
cleaning/ replacement activities that would noteotfise be accommodated during these
planned outage events.

(B) The estimated catalyst replacement scheduleerurtibth scenarios used in the
Supplemental BACT Reports is much shorter than ERAIId expect for Low-Dust
Selective Catalytic Reduction (LDSCR) and TESCRtays. Furthermore, the
assumption that one layer of catalyst would beawgd during each planned boiler
cleaning outage is made without any justificationd @hould therefore be given little to
no credibility in the final conclusions of the BAGihalysis.

(C)  All vendor correspondence related to catalpsts and replacement, as described in the
Supplemental BACT Reports, must be provided. Thadudes the original requests
submitted to the vendors by Minnkota and/or themsultants.

(D)  While the Supplemental BACT Reports give a gahdescription of how the pressure

drops and parasitic loads were calculated, MinnkotsDDH must provide more detalils,
including calculations to justify these high values
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(E) No data is provided for the temperature gradenthe regenerative gas-to-gas heat
exchanger, which is essential to determine theiredueheat input for either a natural
gas-fired or steam system. Furthermore, the asswalee of flue gas reheat of 600 ° F
must be justified. We would also expect this terapge to be different for a LDSCR
and TESCR due to significantly different $&hd SQ concentrations.

(D) The Supplemental BACT Reports claim there weoesimilar projects “on coal-fired
power plants in the United States that could beduséth adjustments, to properly
represent total installed cost” for MRYS. MinnkaaNDDH should consider the data
from the PSE&G Mercer and We Energies South OaklCfacilities that have installed,
or will be installing, LDSCR systems.

(G) The cost values used for catalyst, natural gad, electricity appear higher than current
prices and must be substantiated. FurthermoreStipplemental BACT Reports assume
urea would be used as opposed to anhydrous ammBnota. options should be evaluated
and the least costly option selected, unless tiseaecompelling reason to use the more
expensive option.

Response: Minnkota has addressed the use of steam foratehetheir December 11, 2009
response to NDDH questions. The NDDH asked foitahal support for Minnkota’s position
on steam for reheat and several other items. Mitankas supplied a response to all of the
guestions the NDDH and EPA posed regarding the esisinate (2/11/10). The NDDH has
reviewed Minnkota’s responses and finds them tadmeptable. The NDDH is confident that
the range of costs provided by Minnkota have au@wy of 0%, which is the accuracy of
EPA'’s Air Pollution Control Cost Manual that is momended by the BART Guideline.

In determining BART for NQ at M.R. Young Station, the NDDH considered alkfistatutory
factors. Our analysis of the costs indicate thathlcosts calculated by the NDDH and by
Minnkota are excessive over the entire range ottsts estimated. In addition, the incremental
cost effectiveness of SCR (LDSCR and TESCR) + ASQO$/Axcessive when compared to
SNCR + ASOFA. Finally, the incremental amount &ihility improvement of SCR + ASOFA
versus SNCR + ASOFA is negligible. Each of thes#drs (i.e. cost effectiveness, incremental
cost or visibility improvement) by themselves wodidtate that SCR + ASOFA is not BART.

The NDDH also considered the uncertainties reggrttie technical feasibility of LDSCR and
TESCR. Since Minnkota was unable to secure a veguiarantee, the successful application of
LDSCR and TESCR is more questionable.

Having considered the cost effectiveness, increatembst, the incremental visibility
improvement, and the uncertainties regarding thecessful application of SCR to a source
combusting ND lignite, the NDDH has determined BBART is not represented by SCR.

Comment 25 Appendix J.1, Consultation with Federal Land dgers: We note that in several
of your responses to FLM comments, you cite to EEPAugust 28, 2009 Advanced Notice of
Proposed Rulemaking (ANPR) regarding the Four Qsri®ower Plant BART analysis. The
ANPR does not represent an Agency decision bueratitludes information on which EPA
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Region 9 seeks comment. At this point, no Agenasitmpn has even been proposed, much less
finalized. It is not appropriate to rely on thegust 28, 2009 ANPR to support your position
regarding BART analyses in North Dakota.

Response: The Department has reviewed the EPA Air Pollut@ontrol Cost Manual which
states “In practice, SCR systems operate at eftoés in the range of 70% to 90%.” EPA’s Air
Pollution Control Technology Fact sheet for selectcatalytic reduction (EPA-452F-03-032)
states “SCR is capable of N@duction efficiencies in the range of 70% to 90%he Oregon
DEQ hired Eastern Research Group, Inc. (ERG) taevevthe BART analysis for the PGE
Boardman Plant. In their review, ERG stated “Wiglgard to the performance of existing low
NOy burners (LNB) with overfire air (OFA) and SCR, uetions of 70 to more than 90 percent
have been documented from recent installations;elrew these are based on units that operate
mainly during the ozone season and that have sutstapportunity for off-season maintenance
and catalyst cleaning. The impact of existing LiWBh OFA and SCR of the Boardman Plant
under year-round operation would need to be corsidén selecting a permit level.” The
NDDH believes the use of 80% is a reasonable chimce source that must meet a BART
emission limit on a long-term continuous basis.

In addition to the ANPR estimate for SCR at therf@arners Power Plant, the Department also
reviewed the analysis commissioned by the Oregol@ D& the cost of SCR at the PGE
Boardman Plant. The analysis, which was prepaseé&dstern Research Group, Inc. (ERG)
states, “Nonetheless, all of these sources do poiat rapid escalation in SCR installed costs
since 2004. ERG analyzed the 2007 cost-basis latliminating the three highest and one
project that was known to be very dissimilar to tBeardman Plant characteristics. The
remaining nine projects range from $207/kw to $R&7/with an average of $227/kw. ERG
believes that this is a reasonable representali@®@7 costs of large SCR installations under
normal retrofit conditions.” This cost is two tiorée times the amount that would be estimated
using EPA’s Control Cost Manual. Further, thesste@are for HDSCR. The cost for LDSCR
and TESCR will be substantially higher because h&f tapital cost for the reheat system
(including heat exchangers) and the operatingfooseheating the flue gas.

Comment 26 SO, and NQ analyses: In general, analyses of control optexmd proposed
limits should not be based on worst-case coal smeEnand/or highest calendar year emission
rates. Use of averages should allow for accomnmauatf worst-case situations and will ensure
that the more common conditions are adequatelydomi

Response: The BART guidelines states “the baseline emissi@mte should represent a realistic
depiction of anticipated annual emissions for tharse.” Using worst-case emissions represents
a realistic scenario because the scrubber will have designed for that coal and operation and
maintenance costs will be higher with this highdfus coal. North Dakota lignite is extremely
variable in both quality and sulfur content. Usiag average sulfur content will not
accommodate worst-case conditions. For Minnkata, siandard deviation of the sulfur content
amounts to 0.53% sulfur or 57% of the average sutfintent. Prediction of future sulfur
content has been based on a limited number of sareles. Using an annual average for the
baseline eliminates some of this variability; hoegvit does not eliminate it all. The
Department believes that a sulfur content at, @r,ndhe maximum annual average provides a
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realistic depiction of emissions. This is the saaseusing the maximuriwo years of the last
five or ten years to predict the baseline emisgsiaie as suggested by EPA in the BART
Guideline and in response to questions on BART &foie 7, August 3, 2006). The difference
is that you have to look into the future to see wwh@ years will provide the maximum emission
rate.

For BART, EPA has indicated the limit must be oBGaday rolling average. A 30-day rolling
average emission rate is not equivalent to an draueaage emission for North Dakota lignite
which is highly variable. Our review of scrubbgst®ms in North Dakota indicates as much as a
one-third difference between these two emissiogstail o account for this variability, the annual
emission rate must be adjusted upward to get aa$0Ordlling average. In addition, the
Department has not allowed an exemption from theRBAemission limits during
startup/shutdown or malfunction (SSM). Therefd8M must be considered in setting the
BART emission limit. Using a near maximum sulfuntent allows the Department to set the
BART limit without making an adjustment for SSM.

For NQ,, the average of the highest two years out of #w five years was used by the
Department to establish a baseline. This is cterdiswith the BART Guideline (Section
IV.D.4.d.1). Itis also consistent with EPA’s A8, 2006, response to comments (Question 7)
and consistent with BACT determinations.

Again, a 30-day rolling average N@mission rate is not equivalent to the annual ayer
emission rate for boilers firing North Dakota lig;i Our analysis indicates the 30-day rolling
average can be 15% or more higher than the anneehge emission rate especially when SSM
is considered.

Comment 27 NOy analyses, Step 3: Evaluate Control Effectiver@@sRemaining Control
Technologies: Based on our comments #22-24 abodeEmclosure 2, please ensure that
inappropriate assumptions in the cost analysesSfOR were not carried over to the NDDH
BART determinations for any of the facilities rewied. In addition and as we have commented
in previous correspondence, incremental cost aealgse intended to be a useful supplement,
not a replacement, for standard $/ton calculatioltss not unusual that the incremental costs
will be greater than the average cost effectiverassshe level of control increases, but this
should not be an automatic basis for eliminatingpption which has a reasonable average cost
effectiveness.

Response: The Department believes that cost estimatesvidhet 30% of the actual cost which
is similar to the costs provided by EPA’s Contr@s€Manual (see Responses to Comments 22-
24).

Incremental cost was considered in evaluating #mous control options. As provided in the
BART Guideline, “The greater the number of possimatrol options that exist, the more weight
should be given to the incremental costs vs. aeemmgts.” The Department evaluated at least
five different NQ control options for each source subject to BAR$.sich, more weight was
given to the incremental cost as recommended byBHRRT Guideline. The Department
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considered all five statutory factors in determinBBART including average cost effectiveness
and incremental cost.

Comment 28 The visibility impact analyses need to elimingéte reference to “3 units” for
TRNP, as requested by the FLMs. We note thatctimsige was made in the SIP text and should
be carried over to these documents. TRNP wasifeihtis a single national park under the
Clean Air Act Amendments of 1977 (42 U.S.C. 7478ys, there is only one mandatory Class |
Federal area for this park. By dividing this Cldsarea into 3 units, there may be slight
reductions in benefits predicted when modelingvisiility effects of applying controls.

Response: North Dakota has two Class | areas within its be@uies: the Theodore Roosevelt
National Park which consists of three separate distinct units and the Lostwood National
Wildlife Refuge Wilderness Area. The Departmennsiders the three units of Theodore
Roosevelt National Park to be three separate domramodeling purposes for the following
reasons:

A. Theodore Roosevelt National Park (TRNP) as a E&3s | area consists of three units
(see 44 FR (November 30, 1979) at 69125 and 63U2TFR § 81.423 and NDAC § 33-
15-15-01.2 (Scope) relating to 40 CFR 52.21(e)he &reas are not contiguous. The
North Unit and South Unit are separated by apprai@hy 38 miles.

B. Federal regulation, 40 CFR 51.301, stat@slvérse impact on visibility means, for
purposes of section 307, visibility impairment whib interferes with the
management, protection, preservation, or enjoymentof the visitor's visual
experience of the Federal Class | area. This detaination must be made on a case-
by-case basis taking into account the geographic text, intensity, duration, frequency
and time of visibility impairments and how thesetéas correlate with (1) times of
visitor use of the Federal Class | areas, and l{g) ftequency and timing of natural
conditions that reduce visibility. This term dagst include effects on integral vistas.”
(Emphasis added) Combining the three units of TRIN® a single area for visibility
analysis fails to address the “geographic exteh#ny visibility impairment.

C. The North Unit is not visible from the South Uand vice versa. The commingling of
receptors from the units for a visibility analysmsrepresents the ability of a park visitor
to observe features in another unit.

Any viewable scenes outside any unit of TRNP faitiin the unit are “integral vistas”.
The effects on integral vistas are not considereénmdetermining whether an adverse
impact on visibility will occur. There are no geglcal features, terrain or structures in
any unit of TRNP that are viewable from anotheit @cross the land regions separating
the units. For example, terrain peaks in the Sairtht would have to rise at least 900
feet above terrain in the North Unit, due to thetliEa curvature, to be seen by a visitor in
the North Unit. So the visual range of visitorsane unit does not include aspects of
another unit.
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D. The Department has treated the units as sep@lass | areas for 30+ years for purposes
of PSD increment consumption without objection frEBPA or the FLMs prior to 2006.

E. Treating the three units as a single Classd affectively extends Class | status to areas
between the units which are classified as Clabyg tule and law.

F. The units have three different names, the Salrl, the North Unit and the Elkhorn
Ranch Unit.

Comment 29 Section 1.A.2., Compliance Date: The last [gerd...approves this permit as
part of the BART SIP” needs to be revised to “...@wes this permit as part of the Regional
Haze SIP.”

Response: Agreed

Comment 30 Unit 1 SQ BART evaluation, p. 5. As we have commented irvpus
correspondence, we have concerns with the use (8) 8 an alternative emission factor for
SO,. NDDH'’s response did not adequately justify tise wf the alternative. The alternative
factor was based on a study contained in NDDH’'soder review of PSD S®increment
consumption. In that study, an emission factoBo#(s) was proposed. For the Leland Olds
BART determination, an emission factor of 35(s) waed to provide a conservative estimate of
the uncontrolled emission rate. In the periodide®, NDDH apparently used CEM data from
recent years to derive an alternative emissiorofact estimate sulfur emissions. The EPA AP-
42 emission factors were developed in the mid-19@$ include test data gathered at lignite
burning power plants in North Dakota and elsewheERA has concerns about using recent
CEM data to adjust emission factors given that goality may have changed over the years, or
may change in the future. However, in this instéaitcdoes not appear that the use of this
alternative emission factor affects the resulthhefSQ BART determination.

Response: AP-42 makes several statements about the ube @missions factors in the
document. These include:

. Data from source-specific emission tests or cowtisuemission monitors are usually
preferred for estimating a source’s emissions bezatnose data provide the best
representation of the tested source’s emissions.

. Use of these factors as source-specific permittdinaind/or as emission regulation
compliance determinations is not recommended by .EBécause emission factors
essentially represent an average of a range ofsemisates, approximately half of the
subject sources will have emission rates greatmn the emission factor and the other
half will have emission rates less than the facdsrsuch, a permit limit using an AP-42
emission factor would result in half of the sourbesg in noncompliance.

. Average emissions differ significantly from soure source and, therefore, emission
factors frequently may not provide adequate esamatf the average emissions for a
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specific source. The extent of between-source baitiathat exists, even among similar
individual sources, can be large depending on pyaontrol system, and pollutant.

AP-42, in the Introduction-Figure 1, indicates ti@&EM data provides the best reliability for
estimating emissions.

Based on the above, the Department believes arsiemifactor based on actual CEM data is far
superior to the AP-42 emission factors. The basedimissions that were estimated based on an
emission factor derived from CEM data provides thest accurate data available. Using an
inferior AP-42 emission factor would degrade theRBAprocess. No changes were made based
on this comment.

Comment 31 Units 1 and 2 NQBART evaluations:

(A) NDDH has revised its analysis and determineg tHtDSCR and TESCR are technically
feasible and includes separate cost estimatesdir ¥ystems. However, there is no
explanation as to how the LDSCR cost values wetaimdd. Please clarify and include
all supporting documentation in the SIP. See 4R GE.308(e)(1).

(B) Based on our review of Basin Electric’'s May 2Z2)09 supplemental TESCR cost
analysis and NDDH'’s July 2009 SCR Technical FebsibAnalysis for North Dakota
Lignite, we do not agree with certain assumptiossduin the TESCR cost analysis.
Please see Enclosure 2 for more detail, as walasomments #22-23 above. Step 3 of
the BART determination needs to be revised to exddtleese concerns. These revisions
are likely to considerably improve the cost effeetiess of TESCR for each unit, making
it a reasonable selection for BART. In additiohjstversion of the draft BART
determination includes new cost estimates for LDS@R explained above, it is unclear
how the cost values for LDSCR were derived.

Response:
(A) The costs for LDSCR at Leland Olds were basecercost estimate for M.R. Young 2

Station. The cost of TESCR was reduced proportendd arrive at a cost for LDSCR.
The smallest differential was used for the pubbenment period. The Department has
revised the estimate based on the average of thed'@alone” costs using M.R. Young 1
data for Leland Olds 1 and M.R. Young 2 data folahd Olds 2. The detailed
calculations are included in Appendix C.1.

(B) See our response to comments 22-23, we believedsieestimate is within £30% as
would be estimated using the Control Cost Manual.

This comment seems to ignore the other four fadtwait are involved in making a BART
determination, especially the amount of visibiliignprovement. Our cumulative
modeling for Unit 2 shows only a 0.01 deciview ilmpement, in the most impaired days
for SCR & ASOFA versus RRI & SNCR. The Departmeas lthe flexibility to weigh
each factor as it chooses. The Department weigisdallity improvement fairly heavily

in this analysis because the costs were very Aigh.Department has determined that the
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costs are excessive and the visibility improvemsrgo small that selection of SCR as
BART is unwarranted.

Comment 32 Unit 1 NQ, BART evaluation, Step 3, p. 13: We note your n&fiee to EPA’s
August 28, 2009 Advanced Notice of Proposed RulengadANPR) regarding the Four Corners
Power Plant BART analysis to support the use @@ control efficiency for SCR with reheat.
The ANPR does not represent an Agency decisionrdther includes information for which
Region 9 seeks comment. At this point, nothing éngen been proposed much less finalized. It
is not appropriate to rely on the ANPR to suppatiryposition regarding BART analyses in
North Dakota. NDDH needs to explain why the massmonly accepted figure of 90% control
efficiency is not warranted. For more informatighease see the proposed and final Standards
for Performance for Electric Utility Steam GenemgtiUnits, Industrial-Commercial-Institutional
Steam Generating Units, and Small Industrial-Coneméinstitutional Steam Generating Units
(70 FR 9713, February 29, 2005 and 71 FR 9869,uaepr27, 2006) and the May 2009 ICAC
White Paper, pp. 4 and 7 (contained in EnclosuretBis letter).

Response: Although the ANPR was cited, that was not thé @ocument that was relied on.
The EPA Air Pollution Control Cost Manual statesn ‘practice, SCR systems operate at
efficiencies in the range of 70% to 90%”. EPA’s Rollution Control Technology Fact Sheet
for SCR (EPA-452F-03-032) states that SCR is capablNQ, reduction efficiencies in the
range of 70% to 90%. The Arizona DEQ determined 8@R with LNB could achieve 75%
reduction. The Oregon DEQ commissioned Eastern @&elseGroup (ERG) to evaluate the
BART analysis for the PGE Boardman Plant. In th&éachnical Memorandum #2 (copy
attached), ERG states “With regard to the perfooaanf existing low NQ@ burners (LNB) with
overfire air (OFA) and SCR, reductions of 70 to entinan 90 percent have been documented
from recent installations; however, these are basednits that operate mainly during the ozone
season and that have substantial opportunity fesedson maintenance and catalyst cleaning.
The impact of existing LNB with OFA and SCR at tBeardman Plant under year-round
operation would need to be considered in selectipgrmit level.” The Department stands by its
decision to use 80% efficiency for SCR alone oateofit.

Comment 33 Unit 2 NQ, BART evaluation, pp. 23-31:

(A) Per the BART Guidelines, EPA has found that tise of SCRs at large cyclone units
burning lignite enables the units to cost-effedyiv@meet NQ rates of 0.10 lbs/MMBtu.
A revised cost analysis, using the necessary ad@rgs we have described in comment
#23 and Enclosure 2, will most likely show that SISRost effective at this large boiler.

(B)  For BART determinations, visibility improvememtust be based on the ®™®@ercentile
day results, not the 20% worst days. We do natagrat single source modeling under
the BART Guidelines overestimates visibility impemwent. See comment #4 above for
more detail. NDDH did not use this approach inrsgbility analysis for Unit 1 and it
must not be used for Unit 2.

(C) There appears to be a typographical erroreabfyinning of the last paragraph on p. 30 —
should be “BART” instead of “BACT?”
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Response:
(A) EPA did not evaluate the flue gas charactesstof North Dakota lignite when it

established the presumptive BART N@vels for cyclone boilers. This is in direct
opposition to the statements in the BART Guideliegarding technical feasibility of a
control option (i.e. technical feasibility is basem an evaluation of the flue gas
characteristics and the potential for successfpliegtion of the technology). Had EPA
evaluated the flue gas characteristics of Northdbakignite, they may have concluded
that HDSCR is not technically feasible; howeversnoh EPA analysis is available. This
failure of EPA will affect the estimated cost ofhasving the presumptive levels. Had
EPA conducted this analysis, the presumptive leYaiscyclone boilers combusting
North Dakota lignite may have been quite different.

(B) The Leland Olds Station is not subjected to BART Guideline (i.e. <750 MWe). 40
CFR 51, Appendix Y states, “For sources other tha@ MW power plants, however,
states retain the discretion to adopt approachas diifer from the guidelines”. As
demonstrated is the Response to Comment 4, siogteesmodeling, as recommended in
the BART Guideline, over predicts the amount ofibiidy improvement. The
Department’s cumulative modeling provides a moreueate estimate of the visibility
improvement that is reasonably expected to occut i@nmore compliant with the
requirements of Section 169A(g)(2) of the Clean Aat than the BART single source
modeling. We have exercised our discretion to his® dpproach for Unit 2 since the
costs for SCR on a dollar per ton of N@moved and the incremental costs are very
high.

(C) Agreed

Comment 34 The “References” section includes NDDH’s 200®gesed Alternative Air
Quality Modeling Protocol to examine the statustthinment of PSD Class | increments. This
protocol was never approved by EPA, and contedadents of this protocol cannot be relied
upon in your BART determinations.

Response: The reference only refers to emission factors wete calculated for the increment
consumption analysis. These factors were not useédel BART analysis; a more conservative
factor of 35(s) was used. As explained in the Respdo Comment 30, we believe this factor
provides a better estimate of sulfur dioxide eroissithan the AP-42 factors because it more
closely matches actual CEM data.

Comment 35 SG evaluation, Step 2,"2paragraph, p. 8: There appears to be a typogralphi
error in the ¥ to last sentence — should be Falkirk Mine inst&a@enter Mine?

Response: Agreed

Comment 36 SO analyses, Step 5, p. 11: The reader is refeodtid Great River Energy
(GRE) BART Analysis, pp. 47-51, for visibility impvement analyses. While the"dgercentile
results are provided in the GRE report, it is neampossible to understand the tables since
results are combined for S@nd NQ and there are no specifics provided for each stena
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NDDH needs to extract the relevant”%rcentile results from the GRE analysis - by yialt
and by specific scenario — and incorporate theecty into the BART determination document.
We note that this information has been added td\fgevaluation section but was still omitted
from this SQ evaluation.

Response: Appendix Y to Part 51, Guidelines for BART Detenations Under the Regional
Haze Rule states in part: “As long as these mosigent controls available are made federally
enforceable for the purpose of implementing BARTT that source, you may skip the remaining
analyses in this section, including the visibiltyalysis in step 5. Likewise, if a source commits
to a BART determination that consists of the mashgent controls available, then there is no
need to complete the remaining analyses in thisoset In the case of Coal Creek §Qhe
most stringent control available was selected aRBANd it will be made federally enforceable
in the Permit to Construct. The amount of vistiimprovement can be discerned from GRE'’s
analysis.

Comment 37 NOy analyses, Step 2: Eliminate Technically InfeasiBptions, p. 15: As noted
above in comment #22, we have provided substamtiaimation and evidence that all SCR
technology, including High Dust SCR, is technicdiasible at facilities burning North Dakota
lignite, and we continue to stand by those comments

Response: The Department believes the preponderance afeece indicates that HDSCR
cannot be successfully operated when North Dakgtaté is combusted making this option
technically infeasible.

Comment 38 NOy analyses, Step 3: Evaluate Control Effectivere@sRemaining Control
Technologies, pp. 15-16: NDDH needs to explain wiagcepted GRE’s suggested 80% control
efficiency for LDSCR instead of using the generaflgcepted 90% efficiency. For more
information, please see the proposed and finaldatais for Performance for Electric Utility
Steam Generating Units, Industrial-Commercial-tagtinal Steam Generating Units, and Small
Industrial-Commercial-Institutional Steam Genergtinits (70 FR 9713, February 29, 2005 and
71 FR 9869, February 27, 2006) and the May 20090@#hite Paper, pp. 4 and 7 (contained in
Enclosure 3 of this letter).

Response: See response to Comment 32.

Comment 39 NOy analyses, Step 4: Evaluate Impacts and Documesul®, p. 17:

(A) The elimination of SCR and SNCR based on umdety surrounding “potential”
ammonia contamination of fly ash is not approprialéhe BART determination should
be based on the 5-factor analysis, including argessary data to address this question.
GRE claims that installation of SCR or SNCR nme&gatively impact fly ash sales due to
ammonia slip and may result in an ash disposal lpnebbut does not provide any
manufacturer’'s data, vendor information, or otleehhical or commercial data to support
its claims. See 40 CFR 51.308(e)(1). (SIP mustlude documentation for BART
analyses.) It is our understanding that instalfatf SCR and SNCR result in very little,
if any, impacts to fly ash sales since the ammesligafor each control is now very low —
less than 2 ppm for SCR and less than 5-10 ppnSMCR. Given that this concern
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wasn't raised at the other BART sources where yaelproposed SNCR, we know of
no reason for it to apply to Coal Creek. We notat thou cite to an example from
Nebraska to support your decision. Please be editlzat the cited example is from a
draft BART determination analysis. The State obieska has not submitted to EPA
Region 7 its BART determination analysis as paradinal Regional Haze SIP. EPA
Region 7 has not, and will not, make a determimatiegarding the approvability of
Nebraska's BART determinations until it reviews @mponents of the final Nebraska
Regional Haze SIP and acts on the revision thratsgbwn public notice and comment
rulemaking.

Response: The commenter requested additional vendor inédion to support the determination
that SCR and SNCR will result in ammonia slip astl aontamination that may reasonably be
expected to negatively impact future ash salesditAxhal information to support that conclusion
is contained in a 2/9/10 GRE email that has beee@ddo the supplemental information
considered for the BART determination (copy attacke this response). This email contains
recent testimonials from ash marketers, buyerseaddproduct users that provide clear evidence
of negative impact on ash sales and use when this @gntaminated with ammonia by SCR and
SNCR systems. The commenter statement that duisunderstanding that installation of SCR
and SNCR result in very little, if any, impacts flg ash sales”... is contradicted by these
testimonials.

The commenter stated that EPA/R8 knows of no retsapply the ash-ammonia contamination
concern to Coal Creek since it was not a concesedan NDDH BART determinations for
other plants. The reason is simple: Coal Creekhés only North Dakota plant that has
developed a market for ash, that has investedeimtinastructure to sell ash, and that is currently
selling ash. It should be no surprise to anyoma¢ ¢bmpanies do not raise the issue of lost sales
for products that they do not market.

The commenter stated that NDDH could not use theré&dka DEQ determination that SCR was
not BART in part due to ash contamination by amracs supporting evidence because EPA
has not yet approved the draft Nebraska RegionaeFRP. It appears EPA fails to realize that
evidence can be considered credible to NDDH evdtPiA has not rendered an opinion on it.

This evidence has weight with NDDH because theeSiiNebraska has considered it and found
it to be credible. Nebraska's BART determinatigralgsis is proof that at least one other state
has come to the same conclusion on this matte Dd3HN

Comment 40 Evaluate Visibility Impacts, Step 5, pp. 17-19/e note that you have extracted
the visibility impacts data from the GRE BART ars$yto include in the NOBART evaluation.
However, it appears that you have presented théiomu results for SOand NQ controls, not
just the NQ results. Please clarify.

Response: See response to Comment 36.

Comment 4% Summary, p. 23: Please correct typographicakrgin the SQBART limits for
Unit 1 and Unit 2 — should be 95% instead of 94%.
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Response: Agreed

Comment 42 Il.A.4.a.: Please correct the typographicabenn the first paragraph — should be
95% reduction limit instead of 94%.

Response: Agreed

Comment 43 Unit 1 and Unit 2 NQBART evaluation:

(A)

In addition to objecting to selection of SNCR BART based on the North Dakota
record, we also object to your determination tlegiasate NQIlimits are appropriate for
startup. The record does not justify the needstarh separate limits, nor does it justify
that the selected values represent BART. As yoowknthe BART Guidelines
contemplate pounds per million Btu limits that appbntinuously, with a 30-day rolling
average period to accommodate, among other thpaential short-term fluctuations in
the emissions rate that may result during starungisother conditions.

As we have noted previously, separate startugdive not been sought by, or provided
to, other facilities (Leland Olds and Stanton)vidrich SNCR is proposed as BART, and
we know of no reason M.R. Young warrants specedittnent. NDDH alludes to the
Consent Decree as a basis for special treatmentaameed to harmonize the “BACT
limits” under the Consent Decree and the BART kmifirst, the Consent Decree terms
with respect to startup were the result of a negedi compromise in the context of an
enforcement action. The Consent Decree terms atrdinding in the context of this
BART determination, and Paragraph 66 of the ConBewtee in no way settles whether
separate startup BART limits are necessary or gpjate at M.R. Young. At this time,
no BACT limit has been established at M.R. Young.

NDDH also alludes to the fact that SNCR, and peshihe overfire air system, will not
work optimally during startup. Of course, this atso true for the other facilities
mentioned above. This fact alone is not convincing.

NDDH then references Minnkota’s claim that startas lasted up to 61 hours for Unit 1
and that noncompliance of this length will make ptiamce with the 30-day rolling
average emission limit “extremely difficult.” Frogour analysis, we cannot determine
whether Minnkota was exercising good air pollutioantrol practices to minimize
emissions during this period or to minimize theafian of the startup, whether this
length of startup was an anomaly, or what the ay@em®missions rate was during this
period. There is no mention of startups at Unitr 2vhether the same parameters can or
should be applied. Also, we cannot determine fithem analysis what the expected
“normal” emissions rate is using SNCR and overéire Presumably, your proposed
BART limits already include some margin of safaty éperational variation.

Also, NDDH has not evaluated potential impactstioé separate startup limits on
visibility or why the separate limits represent BARWe have found no indication that
the proposed startup limits represent the mosigarit level of control for those periods.
Furthermore, there is virtually no explanation iouy BART determination for the
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(B)

(©)

separate startup limit for Unit 2 or why it diffes® greatly from the proposed startup
limit for Unit 1, or why the other terms that apply the startup limit for Unit 2 in the
permit differ from those for Unit 1 or are warraghte

Even if we found the separate startup limits tguséfied, we do not believe the permit is
sufficiently clear with respect to determining cdimpce with the normal 30-day limits
and the 24-hour startup limits. In calculating &%+ averages, how will days be
accounted for that include some, but not all, hadrstartup? How will startups that are
less than 24 hours be accounted for in calculafidghour averages? Finally, we
guestion the use of heat input levels to defineehd of startup as opposed to using
temperatures. The latter would be more directigteel to SNCR performance.

As we have commented in previous correspondeheepresumptive limits should apply
as the control floor since the total generatingac#ty is actually greater than the reported
nameplate capacity of 734 MW, in fact, > 750 MWh d November 20, 1995 letter,
Minnkota advised NDDH that M.R. Young was operataidevels above nameplate and
requested a change in the permit description df ead to 277 MW for Unit 1 and 517
MW for Unit 2. These changes reflected the capasl of the units as they “are
currently with respect to generator output” andiltes a total generating capacity of at
least 794 MW. Per the BART Guidelines, EPA hasntbuhat the use of SCRs at
cyclone units burning lignite should enable thesgé units to cost-effectively meet NO
emission rates of 0.10 Ibs/MMBtu.

We assume that NDDH has revised its cost et#gnbased on Minnkota’s November
2009 Supplemental NCBACT Analysis Reports for Units 1 & 2. Minnkotarsvised
cost analyses are unsubstantiated and highly gnestie in many regards, as discussed
in comment #24 above. Based on our review of Minalk supplemental reports and
this BART determination, the NCBART determinations need to be revised to address
these issues. Revisions, per our comments, agly lth considerably improve the cost
effectiveness of SCR for each unit, making it asoeable selection for BART. In
addition, we have the following concerns specifithe BART determination document:

(1) NDDH has assumed a control efficiency of 90%ngibined) for ASOFA with
SCR. EPA expects that N@missions can be reduced by 90% with SCR alone.
Please see the proposed and final Standards ftorance for Electric Utility
Steam Generating Units, Industrial-Commercial-tosibnal Steam Generating
Units, and Small Industrial-Commercial-Institutibri&ieam Generating Units (70
FR 9713, February 29, 2005 and 71 FR 9869, Febr2arn2006) and the May
2009 ICAC White Paper, pp. 4 and 7 (contained iclésure 3 of this letter).
Minnkota's own cost analysis uses 93.8% combinedrabband 90% control
beyond ASOFA with SCR. The BART determination siynptates that NDDH
believes a reduction of 90% for ASOFA and SCR isfenappropriate on a long-
term basis" without providing any rationale. Usiagower control efficiency
results in significantly inflated $/ton values.
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(2)

3)

The footnote on the cost tables (p. 14 and9).i@dicates that the cost range
provided is based on the difference in applying S€Rach unit as a stand alone
retrofit (high end cost) and applying SCR to bothits) 1 & 2 with shared
facilities (low end cost). Minnkota provided thessenarios in its cost analysis.
However, it appears the difference between the &wd high end of the
annualized cost range in NDDH's BART determinai®based on "Scenarios A
& B" in Minnkota's cost analysis. Scenario A (lbever cost) assumes a catalyst
layer replacement (and unit outage time) every ® Qours, while Scenario B
(the higher cost) assumes a catalyst layer replacetand additional unit outage
time) at each scheduled boiler cleaning outage. Ufot 1, this is three times a
year and for Unit 2 this is four times per yealR?AEbelieves that Scenario B is
not realistic for a LDSCR or TESCR and should begpketely disregarded. It
appears as though NDDH is in agreement, but inaeivily used the Scenario B
values for the high end of the cost range, rath&n using the stand-alone values.
In addition to mistakenly using the Scenario Bueal from Minnkota's cost
analysis, it appears that NDDH used the Scenar& B\ costs from the "shared
facility" Table 4-7SF for Unit 1, while using thee&hario A & B costs from the
"stand alone" Table 4-7SA for Unit 2. Correctirtiede values significantly
reduces the higher annualized cost estimate (lasadstand alone unit instead of
Scenario B) leading to a much smaller range betvieerdow-end and high end
estimates. The lower cost estimate (representiages costs between Unit 1 and
Unit 2 for Scenario A) and the higher cost estim@gpresenting Scenario A
stand alone unit) should be as follows:

Unit 1 LDSCR: $31,749,000/$36,872,000
Unit 1 TESCR: $39,307,000/$44,465,000
Unit 2 LDSCR: $57,351,000/$59,881,000
Unit 2 TESCR: $66,506,000/$69,057,000

Combining the higher 93.8% control efficiency SCR + ASOFA (as submitted
by Minnkota) and the worst case scenario cost desthby NDDH in the BART
Determination (stand alone unit costs, Scenariotidg, following represents the
high-endcosts for Units 1 & 2:

Scenario A Stand Annual NOx| Levelized Total| Average Contro
Alone Costs: Tons Removed | Cost ($1000) Cost ($/ton)
Unit1 (LDSCR) | 9,348 36,872 3,944

Unit 1 (TESCR) 9,345 44,465 4,758

Unit 2 (LDSCR) | 14,862 59,881 4,029

Unit 2 (TESCR) | 14,857 69,057 4,648

On p. 17 of the BART Determination for Unit 1, NDDtonsiders the cost
effectiveness and incremental cost of SCR + ASOF#kea low end of the cost
range to be reasonable,” while the higher end ef thnge was considered
excessive. However, NDDH made this determinatiaseld on an error in the
calculation of the high-end cost ranges (basecherScenario B assumption that
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catalyst is replaced every time the unit is downd@lanned outage). NDDH'’s
low-end cost effectiveness values ($/ton) rangenfi®3906/ton to $4948/ton.
Given that the corrected high-end cost estimatesat dissimilar from NDDH's
reasonable low-end estimates, these high-end csistalld be considered
reasonable at present.

As described earlier (and apparently supported IBDN's narrative in the
BART Determination, as well as NDDH'’s criteria ftachnical feasibilityj.e., a
catalyst replacement schedule of 3-4 times per yeawld not have been
considered technically feasible by NDDH), ScendBioshould be dismissed.
When the high-end cost range becomes the intertsiechd Alone” facility costs,
and more appropriate NOemoval efficiencies are assumed (as provided by
Minnkota), the high-end costs become very simitafand in some cases lower
than) what the NDDH BART Determination calculatedl@w-end costs deemed
to be reasonable. There is little difference iasth high-end cost effectiveness
values for Units 1 and 2. As such, EPA concludhes €ven without examining
the concerns and problems with Minnkota’s initiastvalues, as discussed in
comment #24 above, the existing information for BBART Determination
demonstrates that SCR is cost effective. Onceogpiate adjustments are made
to reflect more realistic costs, these values mgtome even more reasonable.

(D)  As noted above in comment #4, BART visibilimprovement analyses must be based on
the 98" percentile day results, not the 20% worst dayse d& not agree that modeling
based on the BART Guidelines overpredicts the Mgilbmprovement in North Dakota.

Response:

(A) The BART Guideline, Section IV.C states “unletbere are new technologies which

would lead to cost-effective increases in the lefetontrol, you may rely on the MACT
standards for purposes of BART. We believe that $ame rationale holds true for
emissions standards developed for municipal wasteerators under CAA Section
111(d), and for many NSR/PSD determinations BISiR/PSD settlementagreements.”
[emphasis added]. Clearly, the terms of Consewtd¥s, such as the one with Minnkota,
can be used in determining BART limits includingrstip limits that are separate from
normal operation limits.

Minnkota did not include emissions from startupstheir proposed BART limit because
the Consent Decree indicates they must be addressgatately. Other sources have
included these emissions in their proposed BARTIitlibeland Olds Unit 2 has a
baseline emission rate of 0.67 Ib7Mu with a BART limit of 0.35 Ib/18 Btu. The
Minnkota Unit 1 baseline is 0.85 Ib/A®tu while Unit 2 is 0.79 Ib/170Btu. We have
proposed a BART limit for Unit 1 of 0.36 Ib/i8tu and 0.35 for unit 2 (same as Leland
Olds Unit 2). It is obvious that the Leland Oldgit2 limit has startups included in the
rate.

The maximum 24-hour NQemission rates for M.R. Young that were used terdane
BART applicability were 2,855 Ib/hr and 5,364 Ibfr Units 1 and Unit 2, respectively.
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(B)

These values excluded startup, shutdown and maidumsc The proposed startup limits
are 2,070 Ib/hr and 3,996 Ib/hr for Unit 2 (24-lvesage). This represents a 25-30%
reduction from the baseline emission rate baseth@proposed BART limits for startup.
This clearly indicates there will be an improvemintisibility in the Class | areas even
under the startup limits. When comparing the psaglostartup limits to normal baseline
emissions, it is evident that Minnkota will have teke steps to minimize emissions.
Startup emissions can exceed 1 IB/Bfu. The proposed startup limits represent 0.83
Ib/10° Btu that must be averaged over the startup perifius is considerably less than
the baseline emission rates (excluding SSM) whiehlal4 and 1.12 Ib/£®@tu based on
the heat input at the end of the startup periodinnkbta’s justification is in Sections
3.5.2 of their analysis for each unit. The juséfion is virtually the same for each unit.
The Department saw no reason to repeat its andiysithe similar units in its BART
determination.

The Department will be making a BACT determination the units for N@Q. That
BACT determination will include startup limits. lfie BACT limits are more stringent
than the BART limits, the Department will reopee fRegional Haze SIP and incorporate
the more stringent limits into the BART Permit tor@truct.

The startup limit for Unit 2 is much higher thanitJh since it is a much larger unit (i.e.
477 MWe versus 257 MWe). However, the averagedfoBtu emission rate during the
startup is the same (0.83 Ibf1Btu) for both units.

Compliance with the NOBART limit will be determined based on the averajeall
hours in the 30 successive boiler operating dateepe that only startups will be
excluded from the 30-day rolling average. Malfiumas and shutdowns will be included.
Any hours of startup will be excluded from calcuigt the 30-day rolling average
emission rate. For startups that equal or excdetdors, the average emission rate is
calculated as the arithmetic average of 24 consechourly emission rates. For startups
that are less than 24 hours, compliance will beerd@hed based on the arithmetic
average for the duration of the startup periode Permit to Construct has been modified
to include this compliance determination method.

The November 20, 1995 letter lists an URGEnratwhich is a three hour test. This
rating does not represent a long-term rating ortbaé can be sustained more than three
hours. The Acid Rain database lists M.R. Youngi&@taas having a capacity of 734
MWe. The Energy Information Administration of tDepartment of Energy lists M.R.
Young as having a summer time capacity of 697 M\&&hough Section 169A(b)(2) of
the Clean Air Act does not define “total generaticepacity”, Section 169A(c) does
discuss exempting power plants from the BART rezjuents if the total design capacity
is less than 750 megawatts and it does not sigmifig contribute to visibility
impairment. “Total design capacity” is equal toless than the nameplate rating of the
generators. In addition, the presumptive BART témior NQ, were based on the
nameplate capacity of the sources (see Techniggbd@@uDocument; Methodology for
Developing BART NQ Presumptive Limits). Therefore, we believe M.Rwuvig Station

is not subject to the BART Guidelines or the pregtive BART limits.
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©@)

(©)(2)

(©)3)

See response to Comment 25.

The 80% removal efficiency expected for SCR is e tmiddle of the range of
efficiencies indicated in two EPA documents (sespoase to Comment 25) and ERG’s
analysis for the PGE Boardman Plant (see respamséomment 25). The BART
Guideline in Step 4 states “The value selectediferdesign parameter should ensure that
the control option will achieve the level of em@sicontrol being evaluated.” The
NDDH is confident that SCR + ASOFA will achieve 9@%ntrol; however, the amount
of time an SCR will achieve this level of controk( catalyst life) is unknown. Whether
SCR will achieve 93.8% reduction efficiency over extended period of time at M.R.
Young is debatable.

The NDDH has included Minnkota’s cost effectivenassl incremental cost results in

our BART determination analysis. These calculaiane based on 93.8% reduction
efficiency. The NDDH considers the cost effectiees and incremental costs calculated
by Minnkota to be excessive over the entire rarfgmsts.

The costs that are now shown representedutheange of costs provided by Minnkota.

The footnote at the bottom of the cost tables le@nlthanged to indicate that the entire
cost range is provided. The NDDH has includedsa#tnarios to show that the cost
effectiveness and incremental cost is excessivardégss of the catalyst changeout
schedule or whether cost should be calculated basestandalone facilities or shared
facilities. Based on both the NDDH’s and Minnkastastimate cost effectiveness and
incremental cost, the cost of SCR is consideredssize.

The cost estimate in the FLM review versainthe BART determination analysis was
updated by using Minnkota’s cost estimate instdaghne based on the cost estimate for
Leland Olds Unit 2 which indicated lower costs. wéwer, some of the discussion on
cost effectiveness for M.R. Young Unit 1 from thHeMFreview version was not updated.

This error has been corrected and EPA should raww @mny conclusions regarding cost
effectiveness or incremental cost effectiveness filtis erroneous text.

The NDDH has included Minnkota’s calculation of tes$fectiveness and incremental
cost in its BART determination analysis. Thesetsase based on 93.8% reduction
efficiency. The cost effectiveness and incrementat effectiveness are considered
excessive over the entire range of costs.

Minnkota has been unable to obtain a vendor gueediotr the catalyst for either LDSCR

or TESCR. This indicates that no one can predittt any reasonable accuracy the life
of the catalyst. Therefore, the costs over the@enange were considered and found to
be excessive.

The Department considered all five factors in dateing BART for the M.R. Young

Station. The incremental improvement in visibildy SCR + ASOFA versus SNCR +
ASOFA is negligible (0.01 deciviews at TRNP and LVix Unit 1 and 0.01 and 0.02
deciviews respectively at TRNP and LWA for Unit ZJhis incremental improvement in
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visibility would cost at least $2,605,400,000 pezcidiew at Unit 1 and at least
$2,286,700,000 per deciview for Unit 2 based ondin@ulative modeling. The NDDH
considers this amount of visibility improvement twe negligible and the cost
unreasonable.

Even using 93.8% removal efficiency will not createuch additional visibility
improvement (approximately 4% additional reduct@nemissions). Modeling by the
NDDH indicates that SCR + ASOFA operating at 93.8ftciency will only improve
visibility 0.001 deciviews in the most impaired dayhen compared to SCR + ASOFA
operating at 90% efficiency. The incremental vlgipimprovement between SCR +
AOFA and SNCR + ASOFA would still be negligible.

As part of the BART process, the NDDH had to deteenif LDSCR and TESCR were
technically feasible. When this determination wesle, the NDDH had information that
a vendor guarantee could be secured for TESCR Bt Moung Station. More recent
information provided by Minnkota indicates thisrist true. The uncertainty whether
LDSCR or TESCR can be successfully applied at MMBung was weighed in the
decision not to require LDSCR or TESCR. The BARIiidgline states “there may be
unusual circumstances that justify taking into cdesation the conditions of the plant
and the economic effects of requiring the use givan control technology.” Requiring
the use of SCR that cannot be successfully applidd.R. Young Station would have
severe economic effects on Minnkota Power Coop.

The NDDH considers the cost effectiveness of SCRSOFA to be excessive. The
NDDH considers the incremental cost of SCR + ASGfefsus SNCR to be excessive.
This determination is applicable to both the NDDHalculated cost values and
Minnkota’s values and is applicable to the entarge of costs. The NDDH considers
the amount of visibility improvement of SCR + ASOR&rsus SNCR + ASOFA to be
negligible. The NDDH also considered the uncetiainof the technical feasibility of
LDSCR and TESCR to M.R. Young Station Units 1 angllich is highlighted by the
lack of a vendor guarantee. The NDDH stands bgeatermination that SCR + ASOFA
is not BART.

(D)  See response to Comment 4.

Comment 44 Unit 2 SQ Evaluation, Step 3, p. 21: We note the baselidg énissions have
been revised from 16,728 tons/year upward to 18t088§/year in this draft. Please explain why
this revision was necessary at this late date.

Response: The baseline was revised to match the expectedage sulfur content for future
coal. The previous baseline was based on histatata which represented coal with a lower
sulfur content. The change was made in responsnt&LM comment. The Department
believes the use of future coal sulfur content @erconsistent with the discussion on baseline
emissions in the BART Guideline since it represamcipatedemissions from the unit. It did
not affect the BART decision since the most effitieontrol option was selected both in the
public comment version and the final version.
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Comment 45 I1l.A.1.c., NQ limits: The alternative limits for startup aretraxceptable. See
comment #43(A) above.

Response: See response to Comment 43.

Comment 46 I1l.A.l.e.. The condition that SCGand PM limits apply at all times, including
startup, shutdown, emergency and malfunction shalsil apply to NQlimits.

Response: Minnkota did not request a different limit foOSor PM during startup. Therefore,
we did not consider it.

Comment 47 11.A.4.b.(8): This language regarding averadihg emissions of Unit 1 and Unit
2 is not consistent with the language in the BARSTedmination document, Section IX. The
BART determination includes a formula and defimtifor Average Allowable Emission Rate
(AER), which is not included in the permit. Pleataify.

Response: The formula for Average Allowable Emission R4®ER) is unnecessary since
averaging is only allowed if Unit 2 is basing compte on percent reduction. Since both Unit 1
and Unit 2 have an AER of 95% reduction, the Averadjowable Emission Rate is 95%; no
calculation is needed. This is specified in CanditX.A.3(a).

Comment 48 SO, BART evaluation in general: NDDH notes that acglating dry scrubber
was eliminated from consideration due to excessieeemental costs. However, EPA would not
find the cost effectiveness of this option ($168d)tunreasonable compared with other BART
determinations reviewed.

Response: EPA states that the cost effectiveness of alkiting dry scrubber ($1,631/ton) is not

unreasonable. However, as EPA is aware, the Dapatteliminated a circulating dry scrubber

from consideration as BART based upon the higheimemtal cost of greater than $10,600/ton.
It is the Department’s position that both cost effeeness and incremental cost must be
considered in the analysis in accordance with Istagding EPA policy. The New Source

Review Workshop Manual states, “This type of analghould demonstrate that a technically
and economically feasible control option is neveldks, by virtue of the magnitude of its

associated costs and limited application, unredsera otherwise not “achievable” as BACT in

the particular case. Average and incremental effsttiveness numbers are factored into this
type of analysis.” It is our understanding thatA&Ppolicy (i.e., that both cost effectiveness and
incremental cost should be considered) remainstatedsin the Manual. The Department

considered both cost effectiveness and incremeotstl in accordance with long-standing EPA
policy and determined that the incremental cosixisessive for a circulating dry scrubber. The
Department maintains the position that the incraalecost of a circulating dry scrubber is

excessive and this excessive incremental cossigfeient reason to eliminate a circulating dry

scrubber from consideration.

Comment 49 SO, BART evaluations for lignite and PRB coal, pp.r&l@2: In an effort to
assess the coal quality basis for NDDH's proposegl BBART determinations for Stanton, we
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conducted an independent analysis, using lignite RIRB coal data contained in EPA’s Clean
Air Markets Division (CAMD) database. The 30-dayeeage S@ emission potentials (in
Ib/MMBtu and percent sulfur) of lignite and PRB tage available for a wide variety of sources
through CAMD, and for most (if not all) of the l&rgoal mines in the region. We would be
happy to share this information with NDDH, if desir Since these data are readily available,
we see no need for the use of a 33% multiplicatamtor to adjust an annual average emission
rate to a 30-day rolling average emission rate.

Based upon our review of the lignite coal qualigtadin the CAMD database for 2007-2009, it
appears that NDDH's proposed S8ART limit of 0.24 Ib/MMBtu when burning lignitesiin the
range of what we’d expect to see at a 90% conffaliency. However, we wish to note that if
NDDH believes that the proposed Spray Dryer Absoanel Fabric Filter will be able to achieve
90% reduction of S@emissions while burning low sulfur PRB coal, tlmmirol devices should
be able to achieve greater than 90% control whenitog higher sulfur content lignite coal.

Based on our review of the PRB coal quality datahe CAMD database for 2007-2009,
NDDH's proposed SE£BART limit of 0.16 Ib/MMBtu when burning PRB coappears to be too
high. The NDDH based its proposed limit on anneate of 1.2 Ib/MMBtu for the annual
average S@emission potential of PRB coal, then applied 9@%tiol efficiency to yield 0.12
Ib/MMBtu controlled SQ on an annual average, then multiplied by 1.33ctovert to a 30-day
average limit of 0.16 Ib/MMBtu. The NDDH's estiraaif 1.2 Ib/MMBtu emission potential for
PRB coal was apparently based on coal sulfur cordeabout 0.64%. The NDDH's BART
Determination document does not indicate which swwwere averaged together to yield 0.64%.
Data we obtained from CAMD's database for 15 ofléingest PRB coal mines reveal that PRB
coal typically has much lower sulfur content onCaday average, about half of the 0.64% used
by NDDH. Our analysis of that data yielded an average 8@ission potential of 0.78
Ib/MMBtu, on a 30-day basis, for all of the PRB ktwanes together.

It appears that NDDH wishes to use the high end 86% confidence interval rather than an
average value to set the 90% reduction limit. &fee, we have averaged all the high end
values of all the 95% confidence intervals forthéd PRB mines for which we obtained data. The
average of these 95% confidence intervals is MA@MBtu, again on a 30-day average basis.
The resulting SBART limit when burning PRB coal at a 90% contedficiency would most
likely be in the vicinity of 0.095 Ib/MMBtu, on &23day rolling average.

Response: EPA states, “we see no need for the use of a Bfiplication factor to adjust an

annual average emission rate to a 30-day rollireyage emission rate.” The EPA provides no
data to support this position and only refers tdiadependent analysis” conducted by EPA. As
EPA is well aware, a party (including EPA) wishitggcomment during a comment period is
under an obligation to submit any data that theyparshes the Department to consider. Since
EPA failed to submit any data during the commenmiogle the Department is unable to conduct a
review of EPA’s data. It should be noted that ER#s been aware of the use of the 33%
adjustment factor at least since August 4, 2008, it comment on the use of the factor in
EPA’s October 23, 2009 comment letter and only mowiments on the use of the factor. In a
response to a direct request from EPA Region 8rfore information regarding the use of the
33% adjustment factor, the Department sent a Deeerilp 2009 email to EPA Region 8

39



showing that the adjustment factor is based updnaboperating data at two North Dakota
facilities. EPA did not ask for further data redjag the use of the 33% factor and apparently
chose instead to move directly to an “independeatyasis.” Given that EPA failed to submit
this “independent analysis”, the Department cantetermine if EPA even considered the
Department’s data as part of the analysis.

It is common practice to establish higher shomntdimits to allow for short-term emissions
variability inherent to facility operations. Thé & RACT/BACT/LAER Clearinghouse contains
numerous examples of short-term BACT limits whict higher than longer-term BACT limits.
For example, a permit issued to Omaha Public P@isrict (RBLC ID NE-0031) on March 9,
2005 establishes a 3-hour average BACT emission limit of 0.48 Ib/MM Btu compared tioe
24-hour SQ BACT limit of 0.163 Ib/MM Btu and a 30-day rollingverage S©OBACT limit of
0.095 Ib/MM Btu. A permit issued to Wellington Deagpment / Greene Energy (RBLC ID PA-
0248) on July 8, 2005 establishes a 3-hour avefageBACT limit of 0.234 Ib/MM Btu and a
30-day rolling average SBACT limit of 0.156 Ib/MM Btu. A permit issued tRiver Hill
Power Company (RBLC ID PA-0249) on July 21, 200fakeléshes a 24-hour average SO
BACT limit of 0.274 Ib/MM Btu and a 30-day rollingverage S@BACT limit of 0.20 Ib/MM
Btu. Two examples where annual and 30-day rolangrage BACT limits were established
include permits issued to Associated Electric Coatpee (RBLC ID MO-0077) and Western
Farmers Electric Cooperative (RBLC ID OK-0118). eTppermit issued on February 22, 2008 to
Associated Electric Cooperative establishes a 30rdlling average NQIimit of 0.065 Ib/MM
Btu and an annual average Niinit of 0.05 Ib/MM Btu. The permit issued on Fehry 9, 2007
to Western Farmers Electric Cooperative establish®8-day rolling average Ndimit of 0.07
Ib/MM Btu and an annual average N{imit of 0.05 Ib/MM Btu. In addition, a permitssed by
EPA on July 31, 2008 for the Desert Rock facilisyablishes a 30-day rolling average ,Nitnit

of 0.05 Ib/MM Btu and an annual average JNI@nit of 0.0385 Ib/MM Btu. Clearly, it is
common practice to establish short-term BACT limisich are higher than longer-term BACT
limits.

The Department has reliable data based upon afdo#ities operating in North Dakota to
support the use of the 33% adjustment factor. difiteon, adjustment factors (to adjust from an
annual average limit to a 30-day rolling averagmit) calculated from Associated Electric
Cooperative, Western Farmers Electric Cooperatia @esert Rock limits are approximately
30%, 40% and 30%, respectively. These adjustnemtiofs are very close to the adjustment
factor of 33% used by the Department. Since thgatenent has reliable data to support the use
of the 33% adjustment factor and no data has bebmitted indicating that the factor is not
appropriate, the Department maintains the posttiahthe 33% adjustment factor is appropriate.

EPA states that “the control devices should be #blachieve greater than 90% control when
burning higher sulfur lignite coal”’; however, EPAopides no data to support this statement.
The Department is aware that higher control efficies are thought to be attained when high
sulfur coal is burned; however, EPA provides nadatlicating that a higher control efficiency
can be attained when burning lignite (with an assidimincontrolled S©emission rate of
approximately 1.8 Ib/MM Btu) as compared to PRBtivan assumed uncontrolled Sgission
rate of approximately 1.2 Ib/MM Btu). Given thainse facilities in the U.S. burn coal which
results in uncontrolled SCemission rates in excess of 4 Ib/MM Btu, neithgnite nor PRB
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would be considered to be a “high sulfur coal” omparison. Based on the available data, the
Department maintains the position that a SD/FFtantSn Station #1 is capable of an average
sulfur dioxide control efficiency of 90%.

EPA states that “Data we obtained from CAMD'’s datsbfor 15 of the largest PRB coal mines
reveal that PRB coal typically has much lower suffontent on a 30-day average, about half of
the 0.64% used by NDDH. Our analysis of that gegéded an average S@mission potential

of 0.78 Ib/MMBtu, on a 30-day basis, for all of tR&B coal mines together.” The EPA submits
no actual data and just refers to “data we obtairfed 15 of the largest PRB coal mines...".
EPA does not indicate which coal mines were studigiwhy certain mines were apparently not
included in the study. EPA is under an obligat@isubmit any applicable data that EPA wishes
the Department to consider. Unfortunately, siné®AHailed to submit any data during the
comment period, the Department is unable to conduaview of EPA’s data. However, the
Department did consult the U.S. Geological Surnig8GS) Coal Quality Database (available at
www.usgs.goy and found that the database currently includess 300 samples of Wyoming
and Montana subbituminous for which sulfur was ywred. The Department has analyzed this
data and has determined that the average sulfutemoiased on albf the samples is
approximately 0.83%. In addition, the GRE BART mutital includes actual data from three
mines from which GRE could potentially receive codhe average coal sulfur contents for the
three mines are 0.34%, 0.64% and 0.80%, for arageesulfur content of approximately 0.59%
(on a heat input basis, the average uncontrolled &@ission rate is calculated to be
approximately 1.17 Ib/MM Btu compared to the Sfnission rate assumed in the analysis of 1.2
Ib/MM Btu). Based upon the available data the Depeant maintains the position that the
uncontrolled S@emission rate of 1.2 Ib/MM Btu used to calculat@ssions when burning PRB
coal is reasonable.

Comment 50 NOy BART evaluation: As we have commented in previooisespondence, the
45% control efficiency assumed for the alternat¥eombining combustion controls plus SNCR
is lower than we've seen elsewhere. Please explaynNDDH accepted this control efficiency
number from GRE. In addition, as noted above imment #22, we have provided substantial
information and evidence that all SCR technologyluding High Dust SCR, is technically
feasible at facilities burning North Dakota lignite

Response: EPA states that the 45% control efficiency assdifor the alternative of combining
combustion controls plus SNCR “is lower than wedazn elsewhere” and asks the Department
to “explain why NDDH accepted this control efficgnfrom GRE.” EPA provides no data to
support the EPA’s contention that the control éficy “is lower than we’ve seen elsewhere.”

In the response to public comments for the DesedkREnergy Facility dated July 31, 2008,
EPA states, “A BACT determination involves judgmemd balancing, and does not involve
simply picking the lowest numerical emission liroit the highest observed control efficiency.
The design of a wet FGD system and the resultingrabefficiency depends on a variety of
parameters, including the characteristics of thel, flboiler operating data and tolerances,
emission requirements..., limestone availability andlity, and economic factors.” In the
Desert Rock case, EPA clearly recognizes that abeuraf factors must be taken into account
when determining if a control efficiency is accég¢a However, in the above comment the EPA
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appears to ask the Department to increase an agdstongrol efficiency based on no data and

only a vague, unverifiable statement from EPA rdgay what EPA has “seen elsewhere.” EPA

does not even discuss if the control efficienci®AHhas “seen elsewhere” are for sources that
are comparable to Stanton Station #1.

In a technical memorandum dated June 26, 2008 meépay Eastern Research Group, Inc.
(ERG) regarding the estimation of costs and impatfdO, control technologies applied to the
PGE Boardman Plant (a coal-fired facility), ERG servatively estimates an 18 percent SNCR
control efficiency for the PGE Boardman Plant. Bage memorandum references an estimate
by Black and Veatch of a 20 to 25 percent SNCR rocbmfficiency. The memorandum also
states, “With regard to SNCR performance, althoB§{CR installations on boilers have been
demonstrated to achieve between 25 and 50 pereduattion in NQ, very large boilers (>300
MW) generally are limited to lower SNCR removali@fncies.”

The EPA Air Pollution Control Cost Manual state§NCR can achieve NOreduction
efficiencies of up to 75 percent (%) in selectedrsterm demonstrations. In typical field
applications, however, it provides 30% to 50%,N€duction.” A table in the Manual labeled
“SNCR NO, Reduction Efficiency for Various Boiler Sizes” iodtes that the SNCR reduction
efficiency for the size of a boiler at Stanton Biat#1 (1,800 MM Btu/hr) would be expected to
be less than 40%.

GRE has described the rationale for the controicieficy selected and the EPA has not
identified any actual concerns with GRE’s rationdlas not provided any actual data relating to
SNCR control efficiencies at Stanton Station #1 eawl only offer a vague, unverified statement
regarding SNCR control efficiencies. The availatiédga indicates that a 45% control efficiency
is reasonable and may in fact be on the higheroéraathievable control efficiencies for SNCR
applied to a coal-fired unit of the size at Starffdation #1 as a retrofit. Given that the avadabl
data clearly indicates that the assumed 45% coetficiency is reasonable and EPA has offered
no data to the contrary, the Department maintdiagpbsition that the 45% control efficiency is
reasonable.

Comment 51 [I.A.3., Continuous Emission Monitoring (CEM)Based on GRE’s comments,
this section of the permit was revised to elimindie phrase “Main Stack” from “Unit 1 (Main
Stack)” as the location for the CEM. For claritiye permit needs to be revised to specify that
the CEM location for a particular pollutant is dastream of controls for that pollutant (unless
control efficiency is being measured by a comboraif upstream and downstream CEMSs, in
which case one of the CEMs for that pollutant wdagdupstream of controls).

Response: The Department believes is inherently obviows the pollutant concentration will
be measured downstream of the control equipmentesthe CEM is meant to establish
compliance with the emission limits. However, tideess EPA’s concern, the Department has
added language to clarify that the CEMs must batéxt downstream of the control equipment.

Comment 52 Based on your discussions with Otter Tail Po@empany, it appears that this

level of minimal control is considered reasonalil¢éhes time. Therefore, even if you disagree
with our other comments regarding Reasonable Pseget least this level of N@ontrol should
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be included in the SIP as a required Reasonablgr€s® control measure. As such, the permit
should more closely mirror the BART permit format¢luding the appropriate 30-day rolling
average emission limit, compliance date no latemt2018 (or sooner if reasonable), and
compliance determination, monitoring, recordkeepargl reporting requirements.

Response: The Department has found through its reasonpluligress analysis that additional
controls on Coyote are not reasonable. Neverthelasan effort to demonstrate that North
Dakota continues to work with companies to makehtnr reductions, NQreductions at the
Coyote Station are being included in the SIP. V&eehrelocated the write-up on the Coyote
Station to Section 10.6.1, Emission Reductions fdu@ngoing Air Pollution Control Programs.
Since this source is not subject to BART, we baithe Permit to Construct is appropriate. The
equipment will be installed by July 1, 2018.

Comment 53 I[I.A.2, Compliance Date: There appears to bgmographical error in the
heading — should be “Date” instead of “Data.”

Response: Agreed
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. NERG
Technical Memorandum #2

To: David Collier, Oregon Department of Environmental Quality
Brian Finneran, Oregon Department of Environmental Quality
Mark Fisher, Oregon Department of Environmental Quality

From: Roger Christman, Roy Oommen, and Paula Fields

Subject: " Estimation of Costs and Impacts of NOy Control Technologies Applied to the

PGE Boardman Plant
Date: June 26, 2008
INTRODUCTION

In response to the U.S. EPA final rule on Regional Haze and Best Available Retrofit
Technology (BART) determinations, and at the request of the Oregon Department of
Environmental Quality (DEQ), Portland General Electric Company (PGE) submitted their
proposed BART analysis for the Boardman Plant (PGE Proposal) on November 5, 2007. The
PGE proposal was prepared by Black & Veatch (B&V) and CH2M Hill.

In December 2007, Eastern Research Group, Inc. (ERG) was engaged by the DEQ to assist in
the evaluation of the PGE Proposal and to conduct an independent feasibility assessment of
select options for control of nitrogen oxides (NOy) from the coal-fired Boardman Plant. ERG’s
scope of work (SOW), as contained in Contract 055-08, includes the following tasks:

o Task 1: Participate in a kick-off meeting in Portland with PGE, DEQ, and key stakeholder
groups
Task 2: Participate in a site visit to the Boardman Plant
Task 3: Submit a trip report documenting the results of Tasks 1 and 2
Task 4: Evaluate the PGE Proposal and submit memo of findings (Memo #1)
Tasks 5 and 6: Evaluate NOy control technologies (i.e., low NOy burners with overfire air
and selective noncatalytic reduction, low NOy burners with overfire air and selective
catalytic reduction, and other control options as identified by DEQ), and submit a memo of
findings (Memo #2)
e Task 7: Participate in a meeting to discuss findings of Memos #1 and #2 with DEQ, PGE,
and other stakeholder groups
e Tasks 8,9, and 10: Prepare outline of draft report, submit draft report, and meet with DEQ,
PGE, and stakeholder groups to discuss draft report
e Task 11: Participate in meeting with DEQ’s BART rulemaking Advisory Committee
Task 12: Submit final report
Task 13: Provide “as needed” assistance to DEQ within the constraints of the project
budget
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Tasks 1 and 2 were completed on February 4 and 5, 2008, and the Task 3 trip report was
submitted to DEQ on February 15, 2008. The Task 4 preliminary evaluation of the PGE
Proposal (Memo #1) was submitted to DEQ on February 25, 2008. This evaluation focused on
the NOx control technologies that were examined by B&V for the Boardman Plant; however,
the evaluation was considered preliminary because answers to most of the questions asked of
PGE and B&V at the February meetings had not as yet been provided. The memo cited
selective catalytic reduction (SCR) installed costs as the major issue to be resolved and most
other comments were fairly minor (i.e., not likely to substantially change the BART
determination).

This Task 6 memorandum (Memo #2) documents the results of ERG’s complete evaluation of
the PGE Proposal, as well as our own feasibility assessment of select technologies for
controlling NOy at the Boardman Plant (Task 5). Memo #2 is organized as follows:

e Summary of Methods and Findings: This section contains a brief overview of the method
used by ERG to evaluate the PGE Proposal and assess the various characteristics of each
NOx control technology (i.e., performance, energy and non-air quality impacts, and cost).

e Section 1.0, Control Technologies Selected for Analysis: This section lists and describes
the NOy control technologies reviewed by ERG and contained in the PGE Proposal for the
Boardman Plant. Also, the impact of the NOx controls on the DEQ’s requirements
pertaining to mercury for Boardman is discussed.

e Section 2.0, ERG’s Cost Estimation Methodology: This section describes the inputs and
outputs of the cost estimates developed by ERG using the CUECost model. Conclusions
are presented regarding the appropriateness of this method for use on Boardman’s NOy
control retrofit options.

¢ Section 3.0, Comparison of PGE Proposed Costs and ERG Costs Estimates for NOy
Control: This section compares the results contained in the PGE Proposal for the range of
NOx controls, to ERG’s estimates. This section addresses the significant issue of how best
to estimate SCR installed costs for the Boardman Plant in view of widely varying costs that
results from various approaches.

o Section 4.0, Conclusions: This section provides ERG’s findings with regard to the PGE
Proposal for the Boardman Plant’s NOy and mercury control technologies.

SUMMARY OF METHODS AND FINDINGS

Based on the experience of ERG’s NOy control expert and relevant literature, ERG evaluated
the performance and energy and non-air quality impacts of the NOy control technologies
identified by DEQ for this analysis, and evaluated in the PGE Proposal for the Boardman
Plant, including (combinations of): new low NOy burners (NLNB), advanced overfire air
(AOFA), selective noncatalytic reduction (SNCR), and selective catalytic reduction (SCR).
Our findings are as follows:

e With regard to the performance of NLNB with AOFA, ERG acknowledges that the unusual
furnace internals at the Boardman Plant (i.e., wing or division walls extending well below
the boiler nose) will limit the effectiveness of these controls in reducing NOy, and finds that
the B&V estimate of 0.28 1b/MMBtu does not seem unreasonable.
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o With regard to the performance of existing low NOx burners (LNB) with overfire air (OFA)
and SCR, reductions of 70 to more than 90 percent have been documented from recent
installations; however, these are based on units that operate mainly during the ozone season
and that have substantial opportunity for off-season maintenance and catalyst cleaning.

The impact of existing LNB with OFA and SCR at the Boardman Plant under year-round
operation would need to be considered in selecting a permit level.

e With regard to SNCR performance, although SNCR installations on boilers have been
demonstrated to achieve between 25 and 50 percent reduction in NOy, very large boilers
(>300 MW) generally are limited to lower SNCR removal efficiencies. The Boardman
Plant is large and has division walls, noted above, that limit upper furnace mixing. In
Memo #1, ERG expressed concern that SNCR mlght not achieve the 20 to 25 percent that
B&V was predicting for Boardman. B&V has since requested a more detailed assessment
of the unit by Fuel Tech, the country’s leading SNCR vendor and has reduced the estimated
performance to18 percent to be conservative.

o With regard to energy and non-air quality impacts, ERG finds that there are no significant
impacts from existing/new LNB, AOFA, or SNCR. In general, ERG agrees with the PGE
Proposal that SCR has three (potential) adverse impacts as compared to SNCR: an SCR
unit requires at least 36 times as much electricity to operate as SNCR; disposal of spent
catalysts create hazardous waste (although ERG believes evolving catalyst management
practices may minimize this impact); and anhydrous ammonia releases create an additional
accidental release hazard. In some cases, utilities have chosen to avoid this hazard by
generating ammonia “on demand” from urea, although this involves added capital and
operating expense.

ERG’s method for evaluating cost of the NOy control technologies included use of the
CUECost estimation program. The CUECost program is widely accepted and used by the
utility industry and government agencies for estimating costs for controls applied to coal-fired
power plants. While ERG believes that CUECost is appropriate for estimating cost for
relatively small construction projects (e.g. NLNB, AOFA and SNCR retrofits for coal-fired
- power plants), we do not believe that CUECost accurately reflects installed costs for major
construction projects, such as SCR and flue gas desulfurization (FGD), for reasons that
-evolved through this study. These findings are described below.

From the outset, the majority of ERG’s attention and effort focused on the probable installed
cost of SCR at the Boardman Plant. In our preliminary evaluation (Memo #1), ERG believed
that the SCR installed cost estimate provided on page D-9 of the PGE Proposal overstated the
likely cost (2007 cost-basis), possibly by as much as a factor of two. We focused on the SCR
installed cost because:

¢ SCR is widely and successfully applied on Powder River Basin (PRB) coal units
throughout the country;

* SCR is effective in reducing NOy to very low levels; and

» SCR represents a substantial increase in installed cost as compared to SNCR (which is the
BART technology proposed by PGE).

For quite some time, the power plant NOy control community has used $100/kW as a rule-of-
thumb installed cost for SCR installed on coal-fired power plants. This was based on costs
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reported for some early installations in the 1990s and early cost studies by the U.S.
Environmental Protection Agency (U.S. EPA) and others. As we started this analysis of the
PGE Proposal, ERG was aware of three literature papers that addressed SCR installed costs
(Hoskins, 2003; Cichanowicz, 2004; Marano and Sharp, 2006) with cost-basis years of 2002,
2003 and 2005, respectively. These papers provided evidence that the $100/kW rule-of-thumb
did not correspond to the costs being experienced by utilities installing SCR in the 2002-2005
timeframe. In an initial conference call with DEQ personnel, ERG expressed an opinion that
SCR installed costs for Boardman may be on the order of $150/kW or about one half the
$309/kW that was contained in the PGE Proposal.

Section 3.0 of this memo contains a discussion of three avenues of analysis that ERG has
pursued to evaluate the probable installed cost of SCR at Boardman. These are:

e Bottom-Up installed cost using the CUECost Model with the Chemical Engineering
Construction Cost Index for 2007 applied. »
e Top-Down literature values obtained from the SCR installed costs as reported in various
' Internet and subscription sources.
e A current B&V “real” project cost that ERG was permitted to examine (under terms of a
confidentiality agreement) in the B&V offices in Overland Park, Kansas.

ERG supplemented these cost sources with literature papers and relevant study findings
concerning the general escalation in heavy construction cost resulting from the world-wide
commodities bubble and construction labor shortages.

The CUECost program generates an installed cost of $70/kW to $130/kW; however, we feel
this does not represent the probable cost of SCR applied to the Boardman Plant.

The top-down literature values analysis is based on a large number of data points including 33
SCR project installed costs provided by PGE and B&YV in an April 6, 2008 submission to
DEQ. Although there are many data points in this dataset, the quality of the individual points
is difficult, and in some cases impossible, to assess. Nonetheless, all of these sources do point
to a rapid escalation in SCR installed costs since 2004. ERG analyzed the 2007 cost-basis data
by eliminating the three highest and three lowest cost projects and one project that was known
to be very dissimilar to the Boardman Plant characteristics. The remaining nine projects range
from $207/kW to $267/kW, with an average of $227/kW. ERG believes that this is a
reasonable representation of 2007 costs of large SCR installations under normal retrofit
conditions. :

ERG examined the actual cost data (i.e., both the bid cost developed for the project proposal
and the actuals from the B&V project accounting system) for a recent SCR project performed
by B&V. The total installed cost for this project was $221/kW on a 2007 cost-basis. This
project cost falls near the middle of the costs resulting from the analysis of the 2007 top-down
literature values described above and thus provides confirmation that the range of $207/kW to
$267/kW is reasonable.

Certain retrofit conditions at the Boardman plant tend to increase the installed cost, and others
tend to reduce costs. The fact that some boiler modifications will be needed (due to the high
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flue gas temperature at the economizer outlet) that are not typical of SCR retrofit projects,
tends to offset some of the cost-lowering factors present at the Boardman Plant. With all of
these factors taken into consideration, ERG concludes that the Boardman Plant SCR installed
cost would be at the high end of the $207/kW to $267/kW range cited above (a detailed
analysis of this finding is in Section 3.4 of this memo). Howeyver, since no detailed design of
the Boardman Plant SCR has been carried out, there is a fairly broad uncertainty band
associated with all of these cost estimates.

Table 1 of this memo provides a side-by-side comparison of the costs for all NOx control
technologies evaluated in the PGE Proposal, and by ERG using the research and methods
described above. Differences in costs range from less than 1 percent (for NLNB) to 100
percent for existing LNB with OFA and SNCR. Differences between PGE and ERG cost
estimates for SCR range from 24 percent (SCR with existing LNB and OFA) to 27% (SCR
with NLNB and AOFA).

1.0 CONTROL TECHNOLOGIES SELECTED FOR ANALYSIS

DEQ directed ERG to review several specific NOy controls for potential use at the Boardman
Plant. These controls, listed below, were also contained in the PGE Proposal and initially
reviewed by ERG in Memo #1 (submitted to the Oregon DEQ on February 25, 2008):

New low NOy burners (NLNB)

NLNB with advanced overfire air (AOFA)

Existing LNB with OFA and selective catalytic reduction (SCR)
Existing LNB with OFA and selective noncatalytic reduction (SNCR)
NLNB with AOFA and SCR

NLNB with AOFA and SNCR

The remainder of this section discusses the performance (i.e., percent reductions and emission
rates in pounds per million BTU [lbs/MMBtu]) and energy and non-air quality environmental
impacts for each of the NOy controls. Also, the potential impacts of each NOy control on
DEQ’s existing mercury control requirement for the Boardman Plant are discussed.

1.1 Performance of NO, Controls

New Low NOy Burners

~ Improvements to LNB design since development of the first generation of LNBs have achieved
an additional 20 to 40% reduction in NOy in comparison to first generation LNBs. The PGE
Proposal indicates that the Boardman Plant was issued a construction permit in 1977. As part
of the permit, PGE utilized first generation low NOy burners (LNB) in combination with
overfire air (OFA) to reduce NOy emissions. This combination of controls is discussed below.

New Low NOy Burners with Advanced Overfire Air

Since the early to mid-1990s, boosted overfire air systems (referred to as advanced overfire air
or AOFA) began to be operated. This OFA system can be installed over the existing wind
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boxes for retrofit installations. Advanced OFA systems add air ports to several walls of the
furnace, in addition to just the burner walls. Due to fan systems and extra air ports, more flow
can be diverted than in the original OFA system. The extensive placement of ports in the
AOFA system also allows air to be diverted to a greater area of the furnace interior. The NOy
removal efficiency of the AOFA system ranges from 15 to 25 percent compared to the baseline
case. New LNBs in combination with AOFA systems have been demonstrated to achieve NOy
emission levels as low as 0.15 Ibs/MMBtu for some wall-fired boilers firing PRB coal.
However, for reasons discussed below, ERG does not believe that 0.15 Ibs/MMBtu is
achievable at the Boardman Plant.

There are a number of instances of NLNB/AOFA retrofits on units that burn PRB coal where
the resulting NO, emission level is reported to be 0.15 lbs/MMBtu. An examination of the
individual units involved shows that all but one of the units are tangential-fired with very low
pre-retrofit NOy emission levels. The single wall-fired unit is discussed in a paper prepared by
the vendor, Riley Power (Penterson, 2003). The specific unit is not identified in the paper, nor
is the owning utility identified. The paper does discuss some characteristics of the unit which
are not typical of most wall-fired boilers. Specifically, when the unit was originally started up,
it was determined that it could not be fired at its intended full rating. Sixteen of the original
burners were removed resulting in a substantial derating and a very low initial NOy of 0.30
lbs/MMBtu. The initial NOy at Boardman (0.43 Ibs/MMBtu) is more than 40 percent higher
than the unit described in the Penterson paper and the achievement of 0.15 Ibs/MMBtu at
Boardman Plant by retrofitting NLNB and AOFA does not appear feasible.

Also, the furnace internals at the Boardman Plant appear to be rather unusual in that the wing
(or division) walls extend well below the boiler nose. More typically, in-furnace pendant
pressure parts would extend down to the nose. The Boardman Plant upper furnace has wing-
walls that suspend from the furnace roof to about midway down to the furnace floor. They
appear also to extend from the front wall to about midway to the back wall and will preserit
problems both in getting good mixing of the AOFA and possible rapid tube corrosion due to
the strongly reducing flue gas conditions, if deep-staging is attempted in the Boardman
furnace.

~ The non-typical situation at Boardman Plant will, in the opinion of ERG, limit the
effectiveness of NLNB and AOFA in reducing NOy. Determining exactly how much reduction
could be achieved would require detailed computational fluid dynamics (CFD) modeling;
however, the B&V prediction of 0.28 Ib/MMBtu does not seem unreasonable.

Low NO, Burners with Overfire Air and Selective Catalytic Reduction

Recent installations on utility boilers have shown that SCR can achieve 70 to more than 90
percent efficiency, and NOy emission levels as low as 0.05 [bs/MMBtu. Similarly, SCR in
combination with LNB with OFA or NLNB with AOFA have been demonstrated to achieve
NOy emissions as low as 0.05 Ibs/MMBtu. Most of this experience is with ozone-season units
that have a substantial opportunity for off-season maintenance and catalyst cleaning; therefore,
the impact of year-round operation would have to be considered in selecting a permit level for
the Boardman Plant.
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Low NO, Burners with Overfire Air and Selective Noncatalytic Reduction

SNCR installations in combination with LNB with OFA or NLNB with AOFA on utility
boilers have been demonstrated to achieve between 25 and 50 percent reduction. The reduction
percentage that can be achieved is extremely unit-specific and fairly large units generally
achieve reductions at the low end of the range. ERG has expressed concern that high upper
furnace temperatures at the Boardman Plant, and the effect of the wing walls on upper furnace
mixing mentioned earlier, might severely limit reductions achievable at the plant. During a
meeting at B&V offices in Kansas on April 24, 2008, B&V indicated that they have had Fuel
Tech (a leading SNCR vendor) conduct further examination of the Boardman unit. Fuel Tech
confirmed that there was an appropriate injection location (in the upper backpass, rather than
the usual upper furnace location), and that 25 percent reduction is feasible. B&V said that they
were assuming 18 percent in their estimates to be conservative.

1.2 Energy and Non-Air Quality Environmental Impacts

Existing/New Low NO, Burners, Existing/Advanced Overfire Air, Selective Noncatalytic
Reduction

There are no significant energy or non-air quality environmental impacts from use of existing
or NLNB, existing or AOFA, or SNCR.

Selective Catalytic Reduction

The PGE Proposal cites three energy and non-air quality environmental impacts for which
SCR is disadvantaged when compared to SNCR:

e B&V calculates that the SCR unit will require 36 times as much electric power as SNCR,
due to the additional fan power needed to overcome the catalyst bed pressure drop. ERG
believes that this figure may be low. CUECost generates a differential of about 100 times
for the same SCR-to-SNCR comparison.

e The PGE Proposal cites the disposal of spent catalyst as a hazardous waste as being a non-
air quality environmental impact. This may be of little significance, based on evolving
catalyst management practices. Catalyst regeneration processes potentially allow for reuse
of the catalyst modules for several cycles, making the disposal cost and environmental
impact much less than earlier industry estimates.

e The PGE Proposal cites the additional accidental release hazard associated with anhydrous
ammonia (for SCR) versus urea solution for SNCR. Although the remote location of
Boardman makes this less of an issue when compared to urban and suburban power plants,
nevertheless, there is added hazard for plant personnel and the few people that may live or
be present in the path of an ammonia plume from the plant. This hazard can be remedied
for a price. Today, there are commercially available systems that convert urea to ammonia
“on demand”, with no significant ammonia inventory present at the facility at any time. As
noted, this is an additional capital and operating cost for the SCR installation. It should
also be noted that ammonia is a fairly common industrial chemical and refrigerant and
there are established safeguards and procedures for its handling and storage.
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In general, ERG agrees with the PGE Proposal assessment of these impacts, at least
qualitatively.

1.3 Mercury Control Technologies

Additionally, the effect of the NOy controls on reducing mercury emissions was also evaluated.
PGE proposes to retrofit a fabric filter downstream of the existing electrostatic precipitator
(ESP) to enhance the control of particulate matter at the Boardman Plant. The PGE Proposal
states that this technology selection was driven, in part, by the future need to control mercury
emissions with dry sorbent injection. This approach is consistent with the approach taken
throughout the industry for power plants burning PRB coal. Because mercury contained in
PRB coal flue gas is not readily oxidized by SCR catalysts for subsequent collection in a flue
gas desulfurization (FGD) system, virtually all near-term mercury control for PRB units will be
through the use of activated carbon injection (or injection of enhanced activated carbon). In a
very recent study by The Shaw Group (Wedig et al., 2008) published in the May 2008 issue of
Power Magazine, the authors identified a total of 51 PRB plants (8 new and 43 retrofit) that
have committed to mercury control, all proposing activated carbon injection.

None of the other NO, controls considered (i.e., NLNB, AOFA, SNCR) would have any
impact on the Boardman baseline mercury emissions. Also, for reasons stated in the previous
paragraph, capture of mercury in an FGD system (wet, dry, or semi-dry, would be very small
and Boardman, like other PRB coal-fired units, will need to rely on some form of carbon
injection for mercury control.

2.0 ERG'S COST ESTIMATION METHODOLOGY

The U.S. EPA’s BART guidance (www.epa. gov/air/visibility/pdfs/guidelines_z005_6_24.pdf)
recommends: “The basis for equipment cost estimates also should be documented, either with
data supplied by an equipment vendor (i.e., budget estimates or bids) or by a referenced source
(such as the OAQPS Control Cost Manual, Fifth Edition, February 1996, EPA 453/B-96-001).”
Consequently, ERG reviewed the procedures in the available cost estimation methodologies,
the OAQPS Cost Manual, and also the CUECost estimation program to determine the most
appropriate methodology for providing capital and annual costs. Initially, ERG decided that the
CUECaost estimation program was more appropriate because it provided costs separated into
elements which could be compared to the specific cost elements used by B&V in developing
the PGE Proposal. Also, the CUECost program is widely accepted and used by the utility
industry and government agencies to provide cost estimates, and it is tailored to air pollution
controls applied to coal-fired power plants.

The remainder of this section describes the CUECost input data used by ERG, and provides
our conclusions related to CUECost’s ability to predict “real world” costs for projects requiring
major heavy construction (e.g., SCR) as compared to smaller projects (e.g., NLNB, AOFA,
and SNCR) that do not require major structural work or large process equipment. Based on
our conclusions, we deviate from a CUECost approach when preparing an independent
estimate for SCR installed cost; this is explained in detail below in Section 3.4 of this memo.
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21 Cost Algorithm Inputs

The CUECost program provides cost estimates for new LNB, SCR, and SNCR. The cost
factors for AOFA provided in an earlier analysis conducted by ERG for the Western Regional
Air Partnership (WRAP) were used to calculate the capital costs. The WRAP report indicates
that in 2005, the installed capital cost for AOFA was $8.80/kW. The total capital investment
for the combinations of NOy controls-using AOFA were calculated by adding the AOFA
capital costs.

Attachment A lists the inputs necessary to run the CUECost program for NOy control
technologies, and the rationale for use of the different inputs. The attachment also provides the
inputs used in the analysis and the source of the input data. After reviewing the PGE Proposal
CUECost inputs, ERG concludes that most of the inputs that were used for PGE’s CUECost
runs were appropriate for the analysis. Consequently, where possible, we used inputs provided
by PGE for our assessment. Attachment B contains detailed cost outputs from CUECost for
NLNB, AOFA, SNCR, and SCR. Attachment C shows a detailed comparison of the PGE and
ERG CUECost estimates for total capital investment of SCR, which is a main area of
disagreement (see Section 3.4 for more details on this comparison).

The CUECost prdgram was last updated in 2002. For the outputs to be relevant, ERG
escalated the costs to 2007 using Chemical Engineering magazine cost factors.

2.2 Conclusions Regarding the Use of CUECost for the Boardman Analysis

As discussed later in detail in Section 3.4 of this memo, ERG’s investigation of SCR installed
costs for the 2007 cost-basis year has led us to the conclusion that CUECost does not provide
“real world” costs for SCR in the current environment for major construction projects.
Similarly, based on a study prepared for the National Lime Association (Sargent and Lundy,
2007) and a study by Cichanowicz for the Utility Air Regulatory Group (Cichanowicz, 2007),
there is good evidence that FGD (i.e., another technology requiring heavy construction)
installed costs have escalated at an unprecedented rate since about 2004. CUECost, even when
inflation-adjusted by applying the current Chemical Engineering Construction Cost Index,
appears to produce installed costs that are well below those that appear in the recent literature.
However, for relatively “smaller” projects, such as LNB, AOFA, and SNCR retrofits, we
believe that estimates developed using CUECost are reasonable.

ERG was not able to determine why CUECost seems unable to generate costs corresponding to
current experience; however, Cichanowicz, et al. (Cichanowicz et al., 2006), speculated that
early SCR installations may have been misleading due to under-design (that resulted in failure
to meet performance objectives) and selection of favorable retrofit units for early installations.
Also, some features now considered more or less standard (e.g., large pitch catalyst, popcorn
ash screens, static mixers, and provision of a great deal of sootblower capability) were not part
of early system designs. Finally, vendors were clearly positioning for the surge of installations
in 2002, 2003 and 2004, and substantial cost overruns may have been absorbed by the vendors
and constructors, and would not necessarily be reported by the utilities or appear in the
literature. In the recent worldwide high-demand environment for industrial construction
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services and equipment, the opposite effect may be taking place, where engineering firms,
constructors and equipment manufactures are bidding with high profit margins and large
contingency factors, driving up installed costs.

Although ERG is convinced that CUECost fails to provide “real world” installed costs for
major construction projects such as SCR retrofits, we are not able to necessarily extend this to
projects that do not require extensive “construction” (e.g., extensive foundations and structural
works, ductwork modifications, etc.) and projects where retrofit issues do not heavily influence
installed costs. For smaller projects such as NLNB, AOFA and SNCR, largely because we
have no evidence to the contrary, we have used CUECost results escalated to 2007 by applying
the 2007 Chemical Engineering Construction Cost Index.

3.0 COMPARISON OF PGE PROPOSED COSTS AND ERG COST ESTIMATES
FOR NO, CONTROL '

This section compares the PGE proposed costs with the ERG costs for the NOy control
technologies selected for this analysis. Table 1 summarizes the total capital cost in units of
$/kW from the PGE Proposal and as estimated by ERG for each NOy control technology. A
discussion of each of the comparisons is provided below for NLNB (Section 3.1), NLNB with
AOFA (Section 3.2), SNCR (Section 3.3), and SCR (Section 3.4).

3.1  NLNB Comparison

- The capital cost estimates for NLNB from ERG’s CUECost run differs by less than 1% of the
estimate provided by PGE. This difference was not considered significant and, therefore, not
analyzed further.

3.2 NLNB with AOFA Comparison

The difference in total capital cost of NLNB with AOFA between the PGE Proposal and
ERG’s estimates is due to PGE’s use of handling and erection cost factors that are higher than
those in CUECost to estimate direct installation costs. The handling and erection factor (50
percent of the purchased equipment cost) is approximately 20 to 30 percent higher than cost
factors used in CUECost and in EPA’s OAQPS Cost Manual. These additional costs then
propagate further when calculating Indirect Costs and Total Capital Investment. The PGE
Proposal included costs for the following ancillary equipment: neural network system, NOx
monitoring equipment, water cannon, and modulating orifice for burners. These additional cost
items add approximately $8/kW to the total installed cost.

ERG agrees that certain upgrades such as neural networks and burner air controls are part of
general system upgrades that allow NLNB with AOFA to achieve and maintain optimum
performance. Also, PGE reported that slagging has been a recurring problem when the current
OFA system is operated continuously. Water cannons have been used extensively for PRB
units throughout the country. ERG’s cost is based on a combination of the CUECost result
($28/kW) and the cost of the ancillary equipment noted above ($8/kW) for a total of $36/kW.
The PGE Proposal cost is $53/kW, or about 47% higher.
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Table 1. Comparison of PGE Proposed Costs and ERG Costs for NO, Control at
the Boardman Plant

18

18

<1%

CUECost and PGE estimates are essentially
the same.

NLNB with AOFA

53

36

47%

PGE cost is much higher than CUECost
results. PGE added equipment items not
included in CUECost. ERG agrees that
these items are warranted and that the
probable cost is about $8/kW. This cost
was added to the CUECost result to arrive at
the ERG estimate.

Existing LNB with
OFA + SNCR

28

14

100%

ERG cost is based on CUECost and
confirmed by leading SNCR vendor public
statement. ERG does not know the basis of
PGE’s estimate and cannot duplicate it.

NLNB with AOFA
+ SNCR

81

50

62%

Cost is based on adding the NLNB with
AOFA cost to the SNCR cost, above.

Existing LNB with
OFA + SCR

309

250

24%

ERG cost is based on the high end of the
range of costs ($207/kW to $267/kW) that
ERG found to be reasonable based in the
analysis described in Section 3.4 of this
memo.

NLNB with AOFA
+ SCR

362

286

27%

Costs are based on summing the cost of
“stand-alone” SCR with the cost of
NLNB/AOFA. Probably costs should be
slightly lower because of reduced inlet NO,.

ERG does not have information that would support the higher erection factor used by PGE as
compared to the CUECost default values. However, we do note again that there has been rapid
escalation in construction costs in recent years for SCR that does not seem to be captured by
CUECost using the Chemical Engineering Cost index.

3.3 SNCR Comparison

For the option of using the existing LNB with OFA along with a new SNCR, PGE’s Proposal
indicated that CUECost was used to calculate costs of the SNCR system. However, PGE’s
CUECost outputs could not be duplicated using the inputs provided in the PGE Proposal.
Insufficient information was provided to fully assess the reason for the differences. The costs
estimated by PGE for reagent storage, handling, injection and controls were $5,100,000
compared to the CUECost output of $1,730,000. Air heater modifications calculated by PGE
were $2,835,000 compared to the CUECost output of $1,400,000. These additional costs then
propagate further when calculating indirect costs and total capital investment.



Technical Memo #2
June 26, 2008
Page 12

Fuel Tech’s Dr. Bill Sun, a longtime expert on SNCR, recently placed SNCR installed costs at
$5 to $20/kW (Sun, 2007). The CUECost estimate of $14/kW falls comfortably within the
range indicated by Fuel Tech. This cost would apply to both the existing LNB with OFA and
NLNB with AOFA, as SNCR capital costs are relatively insensitive to initial NOx emissions
levels. The PGE Proposal contains an installed cost of $28/kW for SNCR (which we cannot
reproduce); this is at least 50 percent higher than the CUECost estimate for SNCR.

3.4 SCR Comparison

ERG reviewed the SCR installed cost contained in the PGE Proposal. The review has involved
a number of information-gathering steps and discussions with DEQ, PGE and B&V. The
following activities have taken place since the start of the project in January 2008:

e January 18 - After a brief review of the BART Proposal, ERG and DEQ conducted a
conference call to plan initial steps. During this call ERG gave its initial reaction to the
PGE Proposal and cited the SCR installed costs as, in our opinion, well above costs
appearing in the literature.

e February 4 - ERG attended the Stakeholder Meeting at Stoel Rives LLP. B&V presented
the main points of the BART Proposal and ERG provided 14 questions in writing. These
questions were combined with dozens of other questions raised by the stakeholders
attending the meeting.

e February 5 - ERG attended a tour of the Boardman Plant.

e February 15 - ERG submitted a trip report covering the February 4 meeting and the
February 5 plant tour.

e February 15 - ERG received and reviewed the B&V response to ERG question #2, which
asked for the plant, economic, and NOy inputs used for the CUECost model runs that were
used in the PGE Proposal. In some ways, the response confused these issues rather than
clarifying them, since the data and discussion in the response did not correspond to the
discussion in the PGE Proposal (i.e., different inlet NOy, different percent removal).

e February 25 - ERG submitted Memo #1 to DEQ, discussing the ERG review of the PGE
Proposal. SCR installed cost was identified as the primary concern. Most other comments
were relatively minor.

e March 23 - ERG received and reviewed the PGE/B&V responses to 101 questions that
were recorded at the February 4 and 5 meetings.

e April 6 - ERG received and reviewed a B&V discussion of current and historical SCR

" installed costs. This submission included installed costs for 33 SCR projects (both single
unit and multiple unit projects) with the cost-basis year, unit size, and installation year.
These were obtained from the open literature and subscription sources. Both actual
completed projects and future (estimated cost) installations are included.

e April 24 - ERG attended a meeting and discussion at B&V offices in Kansas. At this
meeting, B&V presented a detailed cost estimate for a current SCR project that is similar
enough in size as to be relevant to the potential Boardman installed cost.

The primary issue is: How fo estimate SCR installed cost for the Boardman Plant in view of
widely varying costs that result from various sources and approaches?

We examined three fundamentally different costing approaches to address this issue:
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¢ Bottom-up installed cost using the CUECost Model
e Top-down literature values
B&V “real” project cost

In addition, we examined the general escalation of construction costs due to the commodities
bubble and labor shortages. These approaches and the general escalation of construction costs
as related to SCR are discussed in detail below.

Bottom-Up Installed Cost Using the CUECost Model

. CUECost is a widely-used, U.S. EPA-developed cost model for air pollution controls applied
to coal-fired power plants. When the model is run with Boardman-specific technical inputs, the
default economic inputs, a “difficult” retrofit factor and escalated to 2007 dollars, the result for
Boardman is about $100/kW. Since the developers of CUECost specifically caution that the
level of detail involved results in a plus-or-minus 30 percent estimate, the CUECost estimate
for the Boardman Plant would actually be $70/kW to $130/kW. However, a number of recent
studies of actual installed costs for completed installations and estimates for near-term future
installations call into question the direct use of CUECost in today’s construction environment.
For reasons noted below, it is ERG’s opinion that the CUECost model does not generate “real
world” SCR installed cost estimates.

“Top-Down Literature Values

There are three fairly recent literature papers that address SCR installed costs (Hoskins, 2003;
Cichanowicz, 2004; Marano and Sharp, 2006). In a paper prepared for the Utility Air
Regulatory Group, Cichanowicz compiled SCR installed costs from the same three papers
(Cichanowicz, 2007). Also, Internet searches produced a number of other anecdotal examples
of recent plant-specific costs. Although there are many data points in this dataset, the quality of
the individual points is difficult, and in some cases impossible, to assess. Nonetheless, all of
these sources do point to a rapid escalation in SCR installed costs since 2004.

In their April 6 submission, B&V compiled installed costs for 33 SCR projects, including both
single unit and multiple unit installations. The average SCR installed cost for the 2007 projects
was $242/kW, and B&V concluded that these data are consistent with their Boardman Plant
estimate of $309/kW when the proposed Boardman boiler modifications, at $65/kW, are
added. (Note: the Boardman Proposal [at page D-9] includes the cost of NLNB and AOFA

- along with the SCR cost, resulting in a total of $362/kW for the combined technologies.)

ERG examined the 33 individual data points (installed cost, cost-basis year) and determined
that several of the critical (2007 cost-basis) data points are skewed somewhat to the high side.
For example, 6 of the data points for 2006 represent projects at Progress Energy’s Ancolote
and Crystal River plants. The data for cost-basis year 2007 contains these same projects,
escalated by 70 percent based on a blanket statement by a Progress Energy official that the cost
of new air pollution controls have “jumped 70% from their 2006 submission” (to the Florida
Public Service Commission). An examination of the source document shows that the 2006
submission actually contained estimates with a 2005 cost-basis. Also, the implied 70 percent
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escalation from 2006 to 2007 is in conflict with a statement by Kentucky Utilities (before the
Kentucky Public Services Commission) that the installed cost estimate of SCR for Ghent Unit
2 had increased by 21 percent from 2006 to 2007. The 70 percent escalation figure is also
inconsistent with a number of other papets (see below) that address the general cost escalation
for various types of utility construction in the current environment.

Two of the critical 2007 cost-basis data points were contained in the BART proposals for
Gerald Gentleman Units 1 and 2 ($334/kW) and Nebraska City Unit 1 ($376/kW). In both
cases, the estimate was provided by architectural and engineering firm HDR. The estimates
were described as based on 2002 vendor quotes for major equipment, adjusted for capacity (the
quotes were not for the specific plants involved), escalated to 2007 (by applying a 68 percent
escalation factor), doubled to account for construction costs, and multiplied by a 25 percent
contingency factor. ERG does not accept that these very crudely developed costs represent
useful data in evaluating cost of the Boardman Plant retrofit.

Finally, an examination of the year-to-year escalation implied by the 33 data points provided
by B&V calls into question the quantitative use of the data (though it is certainly useful in a
qualitative sense.). For the B&V dataset, the year-to-year changes in historical average
installed costs are:

2002 to 2003 = +80 percent
2003 to 2004 = +76 percent
2004 to 2005 = +25 percent
2005 to 2006 = -37 percent
2006 to 2007 = +62 percent

Obviously, these year-to-year variations, including a drop in cost of 37 percent from 2005 to
2006, are an indication that these data are not useful in any given year in a quantitative sense.
They do, however, support the contention that the last several years have seen construction cost
escalation that is significantly above the general consumer inflation rate in recent years.

To more closely examine these data in a quantitative sense, ERG eliminated the three highest
(including the afore mentioned HDR estimates) and three lowest estimates contained in the 16
projects which make up the 2007 basis-year data. We also eliminated the WE Energies’ Oak
Creek Units 5 and 6 project since these are small, tail-end systems. The remaining nine
projects are fairly tightly grouped, providing some comfort that they represent “typical”
installations, rather than outliers. These projects range from $207/kW to $267/kW, with an
average of $227/kW. The fact that the average is very close to the B&V “real” project cost
discussed below tends to confirm that this range ($207/kW to $267/kW) is a reasonable
representation of 2007 costs of large SCR systems and normal retrofit conditions.

B&V “Real” Project Cost

At an April 24, 2008, meeting at the B&V offices, an ERG engineer was presented with
detailed estimates for two very recent B&V SCR installations. After examining the “specifics”
of one of the projects, ERG concluded that it was too different (i.e., much smaller, hot-side
ESP, low-dust SCR) to provide a relevant data point for the Boardman Plant retrofit. The
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second plant was sufficiently close in “specifics” to the Boardman Plant to be relevant. Clearly,
the cost details were based on B&V actual costs, and were not prepared specifically for ERG’s
visit. They correspond roughly to 2007 dollars since the project start was mid-2006 and it is
now just wrapping up. B&V provided the estimate for this same unit, reformatted to
correspond to the line items on page D-9 of the PGE Proposal.

The B&V “real” project cost of $221/kW that was provided in the D-9 format exhibits some
line-by-line differences when compared to the Boardman Plant SCR estimate prepared by
B&YV for PGE. These differences include higher total purchased equipment costs, lower total
direct installation costs, and a much higher cost for site preparation and buildings at the
Boardman Plant. The most significant difference the Boardman Plant estimate and the B&V
“real” project cost is the $65/kW added to account for boiler modifications to reduce the SCR
flue gas inlet temperature. Also, the Boardman BART Proposal SCR estimate includes an
additional $53/kW for NLNB with AOFA. ERG believes that the benefit of the NLNB with
AOFA system (i.e., lower SCR inlet NOy) is not properly reflected in the PGE Proposal’s SCR
cost estimate.

In spite of some of the differences cited above, ERG believes the “real” project cost data that
were reviewed at the B&V offices on April 24, 2008, support the PGE/B&V position that
CUECost, when run with default values and an escalation factor, does not generate “real
world” SCR installed costs for a 2007 cost-basis year.

General Escalation of Construction Costs due to the Commodities Bubble and Labor Shortages

In addition to the three costing approaches described above, ERG considered a fourth factor in
analyzing the Boardman Plant SCR estimate contained in the PGE Proposal. In their April 6,
2008 submission of historical SCR installed cost data, B&V included two recent articles that
deal with rapidly escalating construction in the utility industry (Chupka and Basheda, 2007;
Schimmoller, 2007). Although these articles do not address SCR specifically, they do give a
clear sense that construction costs are escalating at a rate well above historical norms. In a
report prepared for the National Lime Association, Sargent and Lundy pegged the recent
escalation of FGD installed costs at 25 percent per year (Sargent and Lundy, 2007) (Note: FGD
retrofits involve the same type of major structural work, large process equipment and retrofit
issues that are present with SCR installations.). As noted earlier, Kentucky Utilities estimated
an increase of 21 percent for the Ghent Unit 2 SCR cost from a 2006 to a 2007 cost basis. All
of these are indications that the effect of world demand for construction materials, equipment,
and labor are exerting a strong upward pressure that has impacted SCR installed costs in the
U.S.

Summary of SCR Cost Analysis

It is ERG’s opinion, based on a distillation of the three cost approaches discussed above and
the general rapid cost escalation environment, that the 2007 installed costs for SCR range from
$207/kW to $267/kW, barring any extremely favorable or unfavorable site-specific conditions.
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In the Boardman case, there are factors that would tend to push costs toward the high end of
the range and other factors that would tend to reduce costs. Some of the factors that tend
toward higher cost include:

Use of PRB coal (as compared to bituminous coal);

The Boardman Plant’s remote location and its impact on labor availability and cost;
The higher-than-normal structural bridge needed to span the ESP; and

The boiler modifications needed to adjust inlet flue gas temperatures.

Some of the cost-reducing factors include:

e A unit size that is large enough to provide economy of scale, but small enough to fit the
.catalyst box between the unit and the stack;

e A single-unit plant with much clear space around the rear of the plant; and

¢ (Importantly) the low inlet NOy and low removal efficiency specified in the PGE Proposal.

Although some of the site-related factors are favorable (e.g., clear space, single unit plant), the
major complicating factor is the boiler modifications for flue gas temperature adjustment,
which B&V places at $65/kW. ERG believes, based on conversations with B&V personnel,
that B&V has not analyzed this cost in detail (nor has ERG). ERG notes that, in general, all
SCR retrofits require ductwork modifications at the rear of the boiler and in many cases, an
economizer bypass is included, thus some of the costs associated with fitting the SCR into the
boiler/airheater train are already contained in SCR estimates. Anecdotal information on
pressure part replacement projects (from the Internet) gives us the impression that the B&V
estimate is high, but in the absence of design and cost details, ERG is unable to quantitatively
assess this. ERG does agree that some significant cost is involved and that it would tend to
push the Boardman installed cost toward the upper end of the range cited above ($207/kW to
$267/kW). Bearing in mind the broad uncertainty band associated with all of the estimates,
ERG selected a “round number” cost of $250/kW as our Boardman Plant SCR installed cost.

40 CONCLUSIONS

The following are ERG’s conclusions regarding the NOy control technologies in the PGE
Proposal: : -

e Appropriate NOy technologies were included in the analysis.
The control level estimate for NLNB with AOFA is reasonable. PGE and B&V enlisted
Fuel Tech to more closely examine the Boardman Plant and confirm SNCR performance.
The resulting B&V estimate of 18 percent control is reasonable. SCR units can achieve
control to the 0.05 Ibs/MMBtu level, but not necessarily meet a 0.05 limit. Most of SCR
experience is with ozone-season units that are afforded significant off-season opportunity
for maintenance and catalyst cleaning. The impact of year-round operation would have to
be considered in selecting a permit limit for Boardman.
NLNB with AOFA costs are reasonable. _
ERG finds that the B&V’s estimated installed cost for SNCR is high by at least 50 percent.
ERG’s estimate (based on CUECost) is $14/kW versus the B&V cost of about $28/kW.
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o ERG finds that the contention by PGE and B&V that SCR installed costs have escalated
extremely rapidly in recent years is supported by a number of literature sources. For
reasons not fully clear, CUECost does not capture this recent surge in installed cost, even
when the most recent Chemical Engineering Cost Index is applied.

o ERG’s analysis of the 2007 cost for retrofitting SCR at the Boardman Plant is based on
literature information and on data provided by PGE and B&V. We find a cost of about
$250/kW versus the PGE and B&V estimate of $309/kW to be reasonable in view of recent
similar installations and literature estimates.

¢ Future mercury control is appropriately addressed by the proposed fabric filter. Since
mercury oxidation across an SCR and subsequent collection in an FGD system is relatively
ineffective for PRB coal, mercury control at Boardman will likely entail activated carbon
injection (or some other dry sorbent) followed by collection in a fabric filter. The other
NO, technologies considered (NLNB, AOFA, SNCR) will not influence the Boardman
baseline mercury emissions or future mercury controls.
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Inputs Used for CUECost



CUECost INPUTS

Description Units Inputl Source
General Plant Technical Inputs
Location — State Abbrev. OR PGE report
MW Equivalent of Flue Gas to Control System MW 584 PGE report
Net Plant Heat Rate Btu/kWhr 9,817 PGE report
Plant Capacity Factor % 85% PGE report
Total Air Downstream of Economizer % 117% PGE report
Air Heater Leakage % 11% PGE report
Air Heater Outlet Gas Temperature I 297 PGE report
Inlet Air Temperature I 80 PGE report
Ambient Absolute Pressure In. of Hg 29.18 PGE report
Pressure After Air Heater In. of HO -13 PGE report
Moisture in Air 1b/1b dry air 0.01362 PGE report
Ash Split:
Fly' Ash - % 80% PGE report
Bottom Ash % 20% PGE report
Seismic Zone : Integer 1 PGE report
Retrofit Factor Integer 1.6 PGE report
(1.0 = new, 1.3 = medium, 1.6 = difficult)
Select Coal Integer 8 PGE report
Is Selected Coal a Powder River Basin Coal? Yes /No Yes PGE report
Economic Inputs
Cost Basis -Year Dollars Year - 2007
Service Life (levelization period) Years 15
Inflation Rate % 3% CUECost default
After Tax Discount Rate (current $'s) % 9% CUECost default
AFDC Rate (current $'s) % 11% CUECost default
First-year Carrying Charge (current $'s) % 22% CUECost default
Levelized Carrying Charge (current $'s) % 17% CUECost default
First-year Carrying Charge (constant $'s) % 16% CUECost default
Levelized Carrying Charge (constant $'s) % 12% CUECost default
Sales Tax % 6% CUECost default
Escalation Rates:
Consumables (O&M) % 3% CUECost default
Capital Costs:
Is Chem. Eng. Cost Index available? Yes/No Yes
If "Yes" input cost basis CE Plant Index. Integer 525.4 CE Cost Index
If "No" input escalation rate. % 3%
Construction Labor Rate $/hr $35 PGE report
Prime Contractor's Markup % 3% PGE report
Operating Labor Rate $/hr $30 PGE report
DOE website for
Power Cost Mills/kWh 65.3 2006
Steam Cost $/1000 lbs 3.5 PGE report
NO, Control Inputs

A-1




CUECost INPUTS

Description Units ~Input 1 Source
Selective Catalytic Reduction (SCR) Inputs ‘ :
NH3/NO, Stoichiometric Ratio NH3/NO, 1.05 PGE report
"NO, Reduction Efficiency Fraction 0.90
Inlet NO, 1bs/MMBtu 0.426 PGE report
Space Velocity (Calculated if zero) 1/hr 0 PGE report
Overall Catalyst Life years 3 PGE report
Ammonia Cost $/ton 400 Price for 2007
Catalyst Cost $/4t3 169.9 PGE report
Solid Waste Disposal Cost $/ton 10 PGE report
Maintenance (% of installed cost) % 1.5% CUECost default
Contingency (% of installed cost) % 20% CUECost default
General Facilities (% of installed cost) % 5% ‘CUECost default
Engineering Fees (% of installed cost) % 10% CUECost default
Number of Reactors integer 2 PGE report
Number of Air Preheaters integer 1 PGE report
Selective NonCatalytic Reduction (SNCR) Inputs
1:Urea

Reagent 2:Ammonia 1 PGE report
Number of Injector Levels integer 3 PGE report
Number of Injectors integer 18 PGE report
Number of Lance Levels integer 0 PGE report
Number of Lances integer 8 PGE report
Steam or Air Injection for Ammonia integer 1 PGE report

NOy Reduction Efficiency Fraction 0.50

Inlet NO, 1bs/MMBtu 0.426 PGE report
NH,/NO, Stoichiometric Ratio NH3/NO, 1.2 PGE report
Urea/NO, Stoichiometric Ratio Urea/NO, 1.2 PGE report
Urea Cost $/ton 315 PGE report
Ammonia Cost $/ton 450 PGE report
Water Cost $/1,000 gal 2 PGE report
Maintenance (% of installed cost) % 1.5% CUECost default
Contingency (% of installed cost) % 20% CUECost default
General Facilities (% of installed cost) % 5% CUECost default
Engineering Fees (% of installed cost) % 10% CUECost default
| Low NOx Burner Technology Inputs

NO, Reduction Efficiency fraction 0.35

T:T-fired,
Boiler Type W:Wall W PGE report
L:Low,
A:Average,

Retrofit Difficulty H:High A

Maintenance Labor (% of installed cost) % 0.8% CUECost default
Maintenance Materials (% of installed cost) % 1.2% CUECost default
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Ammonia Injection Rate Ib/hr
Space Velocity 1/hr 1,873
Gross Catalyst Volume ft’ 39,736
SCR Capital Costs Casel
- . —_—
Cost Basis (Year) 2007
Reactor Housing and Installation $ 6,933,702
Ammonia Handling and Injection $ 2,034,420
Flue Gas Handling:Ductwork and Fans $ 7,222,232
Air Preheater Modifications $ 1,828,819
Misc. Other Direct Capital Costs $
Equipment Capital Cost Subtotal $ $18,623,527
Instruments & Controls $ 2.
Taxes $ $1,117,412
Freight $ $931.176
Total Direct Cost $21,044,586
Total Direct Cost with Retrofit Factor $ $33,671,337
General Facilities $ $1,683,567
Engineering Fees $ $3,367,134
Contingency $ $6.734,267
Total Plant Cost (TPC) $ $45,456,305
Total Plant Cost (TPC) w/ Prime Contractor's Markup $ $46,819,994
Total Cash Expended (TCE) $ $45,469,545
Allow. for Funds During Constr. (AFDC) $ $4.985,542
Total Plant Investment (TPI) 3 $50,455,086
Preproduction Costs $ $1,215,710
Inventory Capital
Initial Ammonia(60 days) $ $232,401
Initial Catalyst $ $6.751,206
Total Capital Requirement (TCR) $ $58,654,404
$/kW $100
SCR 0&M Costs Casel
—t—
Cost Basis (Year) 2007
Ammonia $/yr 1,413,774
Catalyst Replacement $/yr 2,250,402
Catalyst Disposal $/yr 3,179
Electricity $/yr 1,041,331
High-dust SCR Steam $/yr 93,969
Operating Labor $/yr 134,190
Supervisory labor $/yr 20,128
Maintenance $/yr 681,845
Total O&M Costs $/yr 5,618,690
taxes, insurance, administrative $/yr $2,346,176
capital recovery $/yr $6,439,938
Total Annual Cost $/yr $12,078,756




Ul

Number of Wall Injectors integer 18
Number of Lances integer 8
Urea Injection Rate Ib/hr 1905
Ammonia Injection Rate Ib/hr 1085
SNCR Capital Costs Casel
-
Cost Basis (Year) 2007
Urea Based SNCR Costs
Urea Storage & Handling $ $485,138
Urea Injection $ $983,103
Controls/Miscellaneous $. $260,286
Air Heater Modifications $ $1,394,942
" Ammonia Based SNCR Costs
Ammonia Storage, Handling, Injection, Controls $ $0
Air Heater Modifications $ $0
Total Direct Cost $ $3,123,469
Total Direct Cost with Retrofit Factor $ $4,997,551
General Facilities $ $249,878
Engineering Fees $ $499,755
Contingency $ $999.510
Total Plant Cost (TPC) $ $6,746,693
Total Plant Cost (TPC) w/ Prime Contractor’'s Markup $ $6,949,094
Total Cash Expended (TCE) $ $6,748,659
Allow. for Funds During Constr. (AFDC) $ $739.962
Total Plant Investment (TPI) $ $7,488,620
Preproduction Costs $ $386,037
Inventory Capital $ $367,247
Freight
Total Capital Requirement (TCR) $ $8,241,904
$/kW $14.1
SNCR O&M Costs Casel
Cost Basis (Year) 2007
Operating and Supervisory Labor $/yr 65,700
Maintenance Labor and Materials $/yr 101,200
Reagent $/yr 2,234,084
Electricity $/yr 8,825
Water $/yr 33,954
Steam (for steam atomization) $/yr -
Total O&M Costs $/yr 2,443,763
CR 904,917
Total Annual Cost 3,348,680




Low NO, Burner Technology Capital Costs

Casel

Cost Basis (Year) 2007

Total Capital Requirement with Retrofit (TCR) $ $10,445,451
$/kW $17.9

Low NO,, Burner Technology O&M Costs Casel

Cost Basis (Year) 2007
Maintenance Labor $/yr 83,564
Maintenance Materials $/yr 125,345
Control, Administration, Overhead $/yr 25,069
Total O&M Costs. ‘ $/yr 233,978
CR 1,146,854
Total Annual Cost 1,380,833
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Direct

Costs Reactor Housing $5,580,000 $6,933,702
Ammonia Handling and .
Injection 2,589,000 2,034,420
Initial Catalyst and
Ammonia 4,750,000 6,983,607
Flue Gas Handling
System 6,500,000 7,222,232
Air Preaheater Mod. 2,835,000 1,828,819
Electical System Mod. 2,261,000
ID Fans 3,658,000
Purchased
Equipment Cost Ash Handling System 3,100,000
(PEC) Miscellaneous Direct
Capital costs 604,355
Total Capital Cost 331,273,000 { 825,607,134
: PGE used
10% of
Capital Cost,
Instruments and CUECost
Controls 3,127,300 372,471 | uses 2%
Freight 1,563,650 931,176
Taxes 1,117,412
Total PEC $35,963,950 | $28,028,193
Direct
Installation Foundation and Support $13,666,301
Costs (DIC)
Handling and erection 13,306,662
Electrical 8,990,988
Piping 2,697,296
Insulation 3,596,395
Painting 359,640
Demolition 6,113,872
Relocation 4,315,674
Retrofit Cost $12,626,751
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Total DIC $53,046,826 | $12,626,751
Site Preparation 2,000,000
Buildings 500,000
Total Direct Costs $91,510,776 | $40,654,944
Engineering $10,981,293 $3,367,134
Owner's Cost 4,575,539
Construction Management 9,151,078
Start-up and spare parts 2,745,323
Indirect
Costs Performance Test 200,000
Contingencies 13,726,616 6,734,267
Contractors Markup 1,363,689
General Facilities 1,683,567
Total Indirect Costs $13,148,657 | $13,148,657
Allowance for Funds During Construction 17,926,000 4,985,542
Boiler Heat Transfer Surface Area Replacement $40,000,000
Preproduction Costs 31,215,710
Total Capital Investment Cost $190,816,626 | $60,004,853
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Weber, Steve F.

From: Weber, Steve F.

Sent: Monday, October 06, 2008 11:15 AM

To: Golden.Kevin@epamail.epa.gov; Tim Allen (tim @den.nps.gov); John_Notar@nps.gov
Cc: O'Clair, Terry L.; Mount, Dana K.; White, Rob J.

Subject: Updated ND Regional Haze Modeling Protocol {Draft)

Hello Kevin, John, Tim

Attached is an updated draft of the proposed North Dakota modeling protocol for RH reasonable progress goals. Note
that recent changes are highlighted with blue text.

We would appreciate your review and comments on the updated protocol.
Thanks.

Steve

Steve Weber

ND Dept of Health
(701) 328-5188



From: Weber, Steve F.

Sent: Monday, October 06, 2008 11:15 AM

To: Golden.Kevin@epamail.epa.gov; Tim Allen (tim@den.nps.gov); John_Notar@nps.gov
Cc: O'Clair, Terry L.; Mount, Dana K.; White, Rob J.

Subject: Updated ND Regional Haze Modeling Protocol (Draft)

Hello Kevin, John, Tim

Attached is an updated draft of the proposed North Dakota modeling protocol for RH reasonable progress
goals. Note that recent changes are highlighted with blue text.

We would appreciate your review and comments on the updated protocol.
Thanks.

Steve

Steve Weber

ND Dept of Health
(701) 328-5188






